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ABBREVIATIONS AND DEFINITIONS

In this Annual Information Form, the abbreviations set forth below have the following meanings:

bbl/d Barrels of oil per day Mbbl Thousand barrels

boe Barrels of oil equivalent mcf Thousand cubic feet of natural gas

boe/d Barrels of oil equivalent per day mcf/d Thousand cubic feet of natural gas per day
bopd Barrels of oil per day Mmbbl Million barrels

km kilometre mmcf Million cubic feet of natural gas

km? Square kilometres mmcf/d Million cubic feet of natural gas per day
m metre NGL Natural gas liquids

m? Cubic metre uUs$ United States dollars

M$ Thousands of Canadian dollars

In this Annual Information Form, the capitalized terms set forth below have the following meanings:

“ABCA” means the Business Corporations Act (Alberta), R.S.A. 2000, c. B-9, as amended, together with
all regulations promulgated thereunder;

“ANH” means Agencia Nacional de Hidrocarburos, the Colombian National Hydrocarbon Agency;
“API” means as a degree of gravity that provides a relative measure of crude oil density;

“Archon” means Archon Technologies Ltd., a wholly-owned subsidiary of Petrobank, incorporated under
the laws of the Province of Alberta;

“Board” means the Board of Directors of Petrobank;

“Canadian Business Unit” or “CBU” means the conventional reserves, operations and properties held by
the Company, as more particularly described under the heading “Canadian Business Unit Overview”;

“CAPRI™” means the Company’s CAPRI™ technology, which is an enhancement to the Company’s
THAI™ technology offering the potential for further in-situ upgrading through the use of a well-bore
integrated catalyst;

“COGE Handbook” means the Canadian Oil and Gas Evaluation Handbook prepared jointly by the
Society of Petroleum Evaluation Engineers (Calgary Chapter) and the Canadian Institute of Mining,
Metallurgy and Petroleum;

“common shares” means the issued and outstanding common shares in the capital of the Company;

“Company” means Petrobank Energy and Resources Ltd., and where applicable also refers to its
subsidiaries;

“CSS” means cyclic steam stimulation;

“Dawson Property” means Petrobank’s 50% interest in 2,880 acres of heavy oil lands and related assets
in the Peace River region of northwest Alberta;

“D&M” means DeGolyer and MacNaughton, independent oil and gas reservoir engineers of Dallas,
Texas, USA,



“D&M Report” means the independent engineering evaluation of Petrominerales’ crude oil reserves in
Colombia prepared by D&M, dated February 27, 2009, with an effective date of December 31, 2008;

“ERCB” means Energy Resources and Conservation Board;
“GAAP” means Canadian generally accepted accounting principles;

“Glover Lease” means, collectively, the oil sands leases held by Whitesands in respect of 10.25 sections
(6,560 net acres) of land located in Township 75, Range 9, within the Province of Alberta, approximately
6.5 kilometres south of the Whitesands Leases;

“Gross” means: (a) in relation to the Company’s interest in production and reserves, its “Company gross
reserves”, which are the Company’s working interest (operating and non-operating) share before
deduction of royalties and without including any royalty interest of the Company; (b) in relation to wells,
the total number of wells in which the Company has an interest; and (c) in relation to properties, the total
area of properties in which the Company has an interest;

“Heavy Oil Business Unit” or “HBU” means the operations, properties and assets of Whitesands, as
more particularly described under the heading “Heavy Oil Business Unit Overview”;

“IPC” means an incremental production contract in the country of Colombiga;

“Kerrobert Property” means Petrobank’s 50 percent interest in three sections of land in the Kerrobert
Mannville heavy oil pool, in Saskatchewan;

“Latin American Business Unit” or “LABU” means the operations, properties and assets of
Petrominerales, in which the Company has an indirect 76.5% interest, as more particularly described
under the heading “Latin American Business Unit Overview”;

“McDaniel” means McDaniel and Associates Consultants Ltd., independent petroleum engineers, of
Calgary, Alberta, Canada;

“McDaniel Report” means the evaluation of Whitesands’ bitumen Reserves and Contingent Resources
(excluding the Glover Lease, the Dawson Property, the Sutton Creek Property and the Kerrobert Property)
based on forecast prices and costs dated February 24, 2009, with an effective date of December 31, 2008;

“Net” means: (2) in relation to the Company’s interest in production and reserves, its gross reserves,
which are the Company’s working interest (operating and non-operating) share after deduction of
royalties obligations, plus the Company’s royalty interest in production or reserves; (b) in relation to
wells, the number of wells obtained by aggregating the Company’s working interest in each of its gross
wells; and (c) in relation to the Company’s interest in a property, the total area in which the Company has
an interest multiplied by the working interest owned by the Company;

“NI 51-101” means National Instrument 51-101 - Standards of Disclosure for Oil and Gas Activities of
the Canadian Securities Administrators;

“Notes” means Petrobank’s 3.00% convertible notes issued on May 4, 2007, maturing on May 4, 2012;
“Peerless” means Peerless Energy Inc.;

“Petrobank’” means Petrobank Energy and Resources Ltd.;



“Petrominerales” means Petrominerales Ltd., an indirect subsidiary of Petrobank, in which Petrobank
has a 76.5% interest, and includes, unless the context otherwise requires, Petrominerales’ wholly-owned
subsidiary Petrominerales Colombia Ltd.;

“PIHC” means pre-ignition heating cycle (See “THAI Process Steps”);

“Preferred Shares” means the preferred shares of the Company, issuable in series;

“Rocor” means Rocor Resources Inc., a private company acquired by Petrobank on October 2, 2008;

“SAGD” means steam assisted gravity drainage;

“Sproule” means Sproule Associates Limited, independent petroleum engineers, of Calgary, Alberta,
Canada;

“Sproule Report” means the independent engineering evaluation of the Company’s crude oil and natural
gas reserves in Canada prepared by Sproule, dated March 11, 2009, with an effective date of
December 31, 2008;

“subsidiary” has the meaning given to such term in the Securities Act (Alberta);

“Sutton Creek Lease” means, collectively, the oil sands licences held by Whitesands comprised of
23,040 acres of land located in the Province of Saskatchewan (Township 91, Ranges 24);

“THAI™" means Petrobank’s patented Toe-to-Heel-Air-Injection in-situ heavy oil recovery technique,
which combines a vertical air injection well with a horizontal production well, indirectly owned through
Archon;

“TPC” means Technology Partnership Canada;

“TSX” means the Toronto Stock Exchange;

“Whitesands” means Whitesands Insitu Partnership, a partnership between Petrobank and its wholly-
owned subsidiary, Whitesands Insitu Inc.;

“Whitesands Leases” means, collectively, the oil sands and heavy oil leases held by Whitesands in
respect of 62 sections (39,680 net acres) of land located in Townships 76-78, Ranges 8-10W4, within the
Province of Alberta.

NOTES
General
Boe disclosure provided herein in respect of boes may be misleading, particularly if used in isolation. A
boe conversion ratio of 6 mcf:1 bbl is based on an energy equivalency conversion method primarily

applicable at the burner tip and does not represent an economic value at the wellhead.

Certain other terms used in this Annual Information Form but not otherwise defined herein shall have the
same meanings as defined in NI 51-101 unless the context otherwise requires.

In this Annual Information Form, references to “dollars” and “$” are to the currency of Canada, unless
otherwise indicated.



Unless the context otherwise requires, reference in this Annual Information Form to “Petrobank” or the
“Company” are to Petrobank Energy and Resources Ltd. and its subsidiaries including interests in joint
ventures and partnerships.

Unless otherwise noted, the Company’s average daily production volumes disclosed herein are based on
the Company’s working interest production before deduction of royalties paid to others and including
royalty volumes received.

Non-GAAP Measures

This Annual Information Form contains financial terms that are not considered measures under Canadian
generally accepted accounting principles (“GAAP”), such as operating netbacks. These measures are
commonly utilized in the oil and gas industry and are considered informative for management and
shareholders. Profitability relative to commodity prices per unit of production is demonstrated by an
operating netback. Operating netbacks may not be comparable to those reported by other companies nor
should they be viewed as an alternative to other measures of financial performance calculated in
accordance with GAAP.

NOTES ON RESERVES DATA

Notes on Reserves Data

The estimates of reserves and future net revenue for individual properties may not reflect the same
confidence level as estimates of reserves and future net revenue for all properties, due to the effects of
aggregation.

The reserves information provided herein in respect of Whitesands does not include the Glover Lease
lands, the Dawson Property, the Kerrobert Property or the Sutton Creek Lease.

Crude oil, natural gas liquids and natural gas reserves estimates presented in the Evaluators’ reports are
based on the definitions and guidelines contained in the COGE Handbook. A summary of those
definitions is set forth below:

Reserve Categories

Reserves are estimated remaining quantities of oil and natural gas and related substances anticipated to be
recoverable from known accumulations, from a given date forward, based on:

» analysis of drilling, geological, geophysical and engineering data;
» the use of established technology; and
» specified economic conditions.

Reserves are classified according to the degree of certainty associated with the estimates.

Proved reserves are those reserves that can be estimated with a high degree of certainty to be
recoverable. It is likely that the actual remaining quantities recovered will exceed the estimated proved
reserves.

Probable reserves are those additional reserves that are less certain to be recovered than proved reserves.
It is equally likely that the actual remaining quantities recovered will be greater or less than the sum of the
estimated proved plus probable reserves.



Possible reserves are those additional reserves that are less certain to be recovered than probable
reserves. There is only a 10 percent probability that the quantities actually recovered will equal or exceed
the sum of proved plus probable plus possible reserves.

Other criteria that must also be met for the categorization of reserves are provided in the COGE
Handbook.

Each of the reserve categories (proved, probable and possible) may be divided into developed and
undeveloped categories:

Developed reserves are those reserves that are expected to be recovered from existing wells and installed
facilities or, if facilities have not been installed, that would involve a low expenditure (for example, when
compared to the cost of drilling a well) to put the reserves on production. The developed category may be
subdivided into producing and non-producing.

Developed producing reserves are those reserves that are expected to be recovered from completion
intervals open at the time of the estimate. These reserves may be currently producing or, if shut-in, they
must have previously been on production, and the date of resumption of production must be known with
reasonable certainty.

Developed non-producing reserves are those reserves that either have not been on production, or have
previously been on production, but are shut-in, and the date of resumption of production is unknown.

Undeveloped reserves are those reserves expected to be recovered from known accumulations where a
significant expenditure (for example, when compared to the cost of drilling a well) is required to render
them capable of production. They must fully meet the requirements of the reserves classification (proved,
probable) to which they are assigned.

In multi-well pools it may be appropriate to allocate total pool reserves between the developed and
undeveloped categories or to subdivide the developed reserves for the pool between developed producing
and developed non-producing. This allocation should be based on the estimator’s assessment as to the
reserves that will be recovered from specific wells, facilities and completion intervals in the pool and their
respective development and production status.

Levels of Certainty for Reported Reserves

The qualitative certainty levels referred to in the definitions above are applicable to individual reserve
entities (which refers to the lowest level at which reserves calculations are performed) and to reported
reserves (which refers to the highest level sum of individual entity estimates for which reserves are
presented). Reported reserves should target the following levels of certainty under a specific set of
economic conditions:

» at least a 90 percent probability that the quantities actually recovered will equal or exceed the
estimated proved reserves;

> at least a 50 percent probability that the quantities actually recovered will equal or exceed the sum of
the estimated proved plus probable reserves; and

> at least a 10 percent probability that the quantities actually recovered will equal or exceed the sum of
the estimated proved plus probable plus possible reserves.

A qualitative measure of the certainty levels pertaining to estimates prepared for the various reserves
categories is desirable to provide a clearer understanding of the associated risks and uncertainties.



However, the majority of reserves estimates will be prepared using deterministic methods that do not
provide a mathematically derived quantitative measure of probability. In principle, there should be no
difference between estimates prepared using probabilistic or deterministic methods.

Additional clarification of certainty levels associated with reserve estimates and the effect of aggregation
is provided in the COGE Handbook.

Estimated future abandonment and reclamation costs related to a property have been taken into account
by the Evaluators in determining reserves that should be attributed to a property and in determining the
aggregate future net revenue therefrom, there was deducted the reasonable estimated future well
abandonment costs.

Columns may not add due to rounding.

Contingent Resource Cateqgories

In this Annual Information Form, the Company has disclosed estimated volumes of “contingent
resources” or “resource” estimates. “Resources” are oil and gas volumes that are estimated to have
originally existed in the earth's crust as naturally occurring accumulations but are not capable of being
classified as “reserves” as described below. The following are excerpts from the definitions of resources
and reserves, contained in Section 5 of the Canadian Qil and Gas Evaluation Handbook (“COGE”),
which is referenced by the Canadian Securities Administrators in “National Instrument 51-101 Standards
of Disclosure for Oil and Gas Activities”: Contingent resources are those quantities of petroleum
estimated, as of a given date, to be potentially recoverable from known accumulations using established
technology or technology under development, but which are not currently considered to be commercially
recoverable due to one or more contingencies. Contingencies may include factors such as economic,
legal, environmental, political, and regulatory matters, or a lack of markets. It is also appropriate to
classify as contingent resources the estimated discovered recoverable quantities associated with a project
in the early evaluation stage. Contingent resources are further classified in accordance with the level of
certainty associated with the estimates and may be sub-classified based on project maturity and/or
characterized by their economic status. Resources and contingent resources do not constitute, and should
not be confused with, reserves.

COGE defines “discovered” resources as those quantities of oil and gas estimated on a given date to be
remaining in, plus those quantities already produced from, known accumulations. Discovered resources
are divided into recoverable and unrecoverable categories, with the estimated future recoverable portion
classified as reserves and contingent resources. Undiscovered resources are that quantity of petroleum
that is estimated, as of a given date, to be contained in accumulations yet to be discovered.

The resources assigned to the Whitesands Leases have been classified as contingent. The contingent
resources assigned to the Whitesands leases have been sub-classified as economic contingent resources
and have been deemed to be economically viable under reasonable fiscal conditions.

Contingent resources have been determined for the following mutually exclusive categories:

» Low Estimate: This is considered to be a conservative estimate of the quantity that will actually be
recovered from the accumulation. If probabilistic methods are used, this term reflects a P90
confidence level.

» Best Estimate: This is considered to be the best estimate of the quantity that will actually be
recovered from the accumulation. If probabilistic methods are used, this term is a measure of the



central tendency of the uncertainty distribution (most likely/mode, P50/median, or arithmetic
average/mean).

» High Estimate: This is considered to be an optimistic estimate of the quantity that will actually be
recovered from the accumulation. If probabilistic methods are used, this term reflects a P10
confidence level.

For a summary of the Company’s Contingent Resources including Low, Best and High Estimates of
Contingent Resources, see “Summary of Heavy Oil Business Unit Contingent Resources”. The
Company’s Contingent Resources are summarized under the heading “Summary of Heavy Oil Business
Unit Contingent Resources”, but do not appear elsewhere in this Annual Information Form.

McDaniel defines the Best Estimate of an exploitable in-situ interval as a subsurface stratigraphic interval
containing a minimum thickness of 10 metres of continuous bitumen-saturated sand, net of localized
permeability barriers, with porosity and mass bitumen content (ratio of bitumen to water and mineral
matter) meeting a minimum of 27 and eight percent, respectively, with a competent top reservoir seal. By
continuous bitumen-saturated sand, it is intended that nothing that impedes steam or solvent transmission
to any significant degree, either vertically or laterally can be present within the interval. Mudstones,
impermeable sandstones, paleosols, coals, etc. are not included in net pay values and must not be laterally
traceable over approximately one-hundred metres outwards in all directions from a particular wellbore.
This distance corresponds to the established lateral sweep of most in-situ SAGD recovery schemes. A
competent top reservoir seal is defined by McDaniel’s as a shale or mudstone, sequence of sand and shale
or mudstone, coal or some combination thereof, that can be expected to act as a permeability barrier on
either a local or regional scale through application of the defined or anticipated recovery scheme.

McDaniel defines the Low Estimate and High Estimate of an exploitable in-situ interval as meeting all of
the Best Estimate requirements with the exception of meeting a minimum thickness of 12 and eight
metres of net bitumen-saturated sand, respectively.

SPECIAL NOTE REGARDING FORWARD-LOOKING STATEMENTS

Certain statements contained in this Annual Information Form constitute forward-looking statements.
The use of statements that express, or involve discussions as to expectations, beliefs, plans, objectives,
assumptions or future events or performance (often, but not always, through the use of words or phrases
such as “will likely result,” “are expected to,” “will continue,” “is anticipated,” “believes,” “estimated,”
“intends,” “plans,” “projection” and “outlook™) are not historical facts and may be forward-looking and
may involve estimates, assumptions and uncertainties which could cause actual results or outcomes to
differ materially from those expressed in the forward looking statements. The Company believes the
expectations reflected in those forward-looking statements are reasonable, but no assurance can be given
that these expectations will prove to be correct. Accordingly, any such forward-looking statements are
qualified in their entirety by reference to, and are accompanied by, the factors discussed throughout this
Annual Information Form. Such forward-looking statements included in this Annual Information Form
should not be unduly relied upon. These forward-looking statements speak only as of the date of this
Annual Information Form.

In particular, this Annual Information Form may contain forward-looking statements pertaining to the
following:

the characteristics of the Company’s oil, heavy oil and natural gas properties;
oil and natural gas production levels;

the size of the oil and natural gas reserves;

projections of market prices and costs;

YVVVY



supply and demand for oil and natural gas;

expectations regarding the ability of the Company to continually add to reserves through acquisitions
and development;

treatment under governmental regulatory regimes and tax laws; and

capital expenditure programs.

VV VYV

With respect to forward looking statements contained in this Annual Information Form, the Company has
made assumptions regarding:

oil and natural gas production levels;

commodity prices;

general economic and financial market conditions;

timing and amount of capital expenditures;

availability of labour and drilling equipment;

government regulation in the areas of taxation, royalty rates and environmental protection; and
expectations and assumptions concerning the obtaining of necessary regulatory approvals.

VVVYVYVYVY

The actual results could differ materially from those anticipated in these forward-looking statements as a
result of the risk factors set forth below and elsewhere in this Annual Information Form:

volatility in market prices for oil and natural gas;

fluctuation in foreign currency exchange rates;

financial resources of the Company;

liabilities inherent in oil and natural gas operations;

uncertainties associated with estimating oil and natural gas reserves;

competition for, among other things, capital, acquisitions of reserves and undeveloped lands;
geological, technical, drilling and processing problems;

the ability to economically test, develop and utilize the technologies described herein;
changes in legislation, risks associated with the Company’s international operations;
changes in environmental or tax laws and government incentive programs relating to the oil and gas
industry; and

the other factors discussed under the heading “Risk Factors”.

YV VVVVVVVVVYY

Statements relating to “reserves” or “resources” are deemed to be forward-looking statements, as they
involve the implied assessment, based on certain estimates and assumptions, that the resources and
reserves described can be profitably produced in the future.

Readers are cautioned that the foregoing lists of factors are not exhaustive. The forward-looking
statements contained in this Annual Information Form are expressly qualified by this cautionary
statement. Further, any forward-looking statement is made only as of a certain date, and the Company
undertakes no obligation to update any forward-looking statement or statements to reflect events or
circumstances after the date on which such statement is made or to reflect the occurrence of unanticipated
events, except as may be required by applicable securities laws. New factors emerge from time to time,
and it is not possible for management of the Company to predict all of these factors and to assess in
advance the impact of each such factor on the Company’s business or the extent to which any factor, or
combination of factors, may cause actual results to differ materially from those contained in any forward-
looking statement.



BUSINESS OF THE COMPANY

Petrobank Energy and Resources Ltd. is a Calgary-based oil and natural gas exploration and production
company with operations in western Canada and Latin America. The Company operates high-impact
projects through three business units and a technology subsidiary. The Canadian Business Unit is focused
on developing a solid production platform from the Bakken light oil play in southeast Saskatchewan, and
exploiting a large undeveloped land base through the application of new technology to large oil and gas
resource opportunities. The Latin American Business Unit, operated by Petrobank’s 76.5% owned TSX-
listed subsidiary, Petrominerales Ltd. (TSX: PMG), is a Latin American-based exploration and production
company producing oil in Colombia with 16 exploration blocks covering a total of 1.9 million acres in the
Llanos and Putumayo Basins of Colombia and 2.6 million acres in the Ucayali Basin of Peru. Whitesands
Insitu Partnership, a partnership between Petrobank and its wholly-owned subsidiary Whitesands Insitu
Inc., owns 75 net sections of oil sands leases in Alberta, 36 sections of oil sands licenses in Saskatchewan
and operates the Whitesands project which is field-demonstrating Petrobank’s patented THAI™ heavy oil
recovery process. THAI™ is an evolutionary in-situ combustion technology for the recovery of bitumen
and heavy oil that integrates existing proven technologies and provides the opportunity to create a step
change in the development of heavy oil resources globally. THAI™ and CAPRI™ are registered
trademarks of Archon Technologies Ltd., a wholly-owned subsidiary of Petrobank.

CORPORATE STRUCTURE

The Company was incorporated under the ABCA on December 1, 1983 as “Petrobank Energy Resources
Ltd.” On September 8, 1986, Articles of Amendment were filed to change the Company’s name to
“Petrobank Energy and Resources Ltd.” On September 8, 1993, the Company filed Articles of
Amendment to delete the private company restrictions thereunder. The Company filed Articles of
Amendment on March 7, 2000 to create the first series of Preferred Shares designated as Preferred Shares,
Series A and on August 22, 2000 to create the second and third series of Preferred Shares designated as
Preferred Shares, Series B and Series C (these preferred shares are no longer outstanding). On
January 1, 2002, the Company filed Articles of Amalgamation to amalgamate with its wholly-owned
subsidiary, Barrington Petroleum Ltd.

Effective December 31, 2007, Petrobank and its wholly-owned subsidiary Whitesands Insitu Inc. formed
Whitesands Insitu Partnership. Effective January 1, 2008, Petrobank amalgamated with its wholly-owned
subsidiaries Orion Qil Canada Ltd. and Whitesands Insitu Ltd. Effective January 28, 2008, Petrobank
amalgamated with Peerless Energy Inc. (see “Acquisitions”). Effective January 1, 2009, Petrobank
amalgamated with Denison Resources Holding Corporation, Rocor Resources Inc. and 1424107 Alberta
Ltd.

The Company’s principal office and head office is located at Suite 1900, 111 - 5" Avenue S.W., Calgary,
Alberta, T2P 3Y6. The Company’s registered office is located at 3300, 421 - 7" Avenue S.W., Calgary,
Alberta, T2P 4KO9.
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As of the date of this Annual Information Form, the material subsidiaries of the Company, each of which
is wholly-owned (except as noted), and their jurisdictions of incorporation or formation are as follows:

Petrobank Energy and Resources
Ltd. (Alberta)
| [ l [ l
Petro International Ltd. Whitesands Insitu Inc. Archon Technologies Ltd. 683575 Alberta Inc. 1081075 Alberta Ltd.
(Bahamas) (Alberta) (Alberta) (Alberta) (Alberta)

99.99%

99.99% 0.01%

76.5%

Petrobank
Production
Partnership
(Alberta)

Whitesands
Insitu
Partnership
(Alberta)

Archon Technologies
International Inc.
(Barbados)

Petrominerales Ltd.
(Bahamas)

Petrobank Oil
and Gas
Ventures, LP
(Alberta)

Petrominerales Colombia Ltd.
(Bermuda)

THREE-YEAR HISTORY OF THE BUSINESS

Year-Ended December 31, 2006

The Company raised $33.4 million pursuant to a prospectus offering issuing 2,597,403 common shares.

On March 6, 2006, the Company announced that it had increased its oil sands land base by 33 percent and
that initial start up operations were underway at the Whitesands pilot project. Whitesands acquired a total
of 15 sections of oil sands leases at a net cost of $20 million, 11 of which were contiguous with its
existing leases, with the remaining four sections in close proximity.

On March 13, 2006, the Ojo de Tigre-1 exploration well on the Joropo Block in the Llanos Basin of
Colombia was plugged and abandoned.

On April 12, 2006, the Company advised that production from the Orito 117 and 118 wells contributed to
a significant increase in Colombian production, which averaged 2,612 bbl/d in the second quarter of 2006.

On June 29, 2006, the Company closed the initial public offering of common shares of Petrominerales. In
connection with the initial public offering, Petrobank sold an aggregate of 2,306,173 common shares of
Petrominerales for gross proceeds of approximately $8.7 million. Following completion of the initial
public offering, Petrobank retained an 80.7 percent interest in Petrominerales. Petrominerales
commenced trading on the Toronto Stock Exchange on June 29, 2006, under the symbol ‘PMG’.

On July 21, 2006, the Company announced that it had completed the Pre-Ignition Heating Cycle on the
first well pair at the Whitesands project and commenced air injection.

On November 22, 2006, the Company reported that as a result of a recent five well drilling program the
gross working interest contingent recoverable bitumen estimate had increased by 23 percent to up to
658 million barrels on a portion of the 62 sections of oil sands leases owned by Whitesands Insitu Ltd.
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On December 22, 2006, the Board of Directors of the Company adopted a Shareholder Rights Plan
designed to encourage the fair treatment of shareholders in connection with any take-over offer for the
Company.

Also on December 22, 2006, Petrobank completed a bought deal financing consisting of
3,000,000 common shares of Petrobank at a price of $17.75 per common share and 1,500,000 common
shares issued on a flow-through basis at a price of $23.00 per flow-through share, resulting in gross
proceeds of approximately $87.8 million.

Year ended December 31, 2007

On January 16, 2007, the Company provided an operational update on the ongoing field demonstration of
Petrobank’s THAI™ technology. Production from the first well pair had increased following facility
modifications and Whitesands had commenced air injection and oil production from the second well pair
at the Whitesands project.

In the first quarter of 2007, Petrominerales obtained an additional six exploration blocks which brought
Petrominerales’ exploration holdings to a total of 13 exploration blocks, consisting of 1.5 million acres of
operated, 100% working interest lands in Colombia’s Llanos and Putumayo Basins.

On March 9, 2007, the Ojo de Tigre-2 well on the Joropo Block in the Llanos Basin of Colombia was
cased as a potential oil well.

On March 19, 2007, the Company announced that with respect to the Whitesands assets, McDaniel
assigned a recoverable bitumen resource of up to 799 million barrels at March 1, 2007, compared to
658 million barrels estimated at December 31, 2006.

On April 3, 2007, Petrobank issued 4,000,000 common shares of Petrobank at a price of $21.00 per
common share, resulting in gross proceeds of approximately $84 million.

On April 9, 2007, the Company purchased Crown land in the Bakken formation at Saskatchewan's April
2007 land sale, spending $59.5 million to acquire 41,800 (41,800 net) acres. The Company further
announced that the application of new horizontal fracturing and completion technologies contributed
greatly to and increasing Bakken productivity and recovery rates.

On May 1, 2007, Petrobank closed the acquisition of a 50% working interest in certain producing
properties in the Viewfield/Stoughton area of southeast Saskatchewan, with extensive undeveloped
acreage for $8.5 million.

On May 4, 2007, Petrobank raised US$250 million through the private placement of 3% Notes due 2012.
See “Description of Capital Structure — Convertible Notes”.

On June 11, 2007, the Company closed the acquisition of all of the shares of its Whitesands Insitu Ltd.
subsidiary previously held by minority shareholders, increasing Petrobank’s ownership of Whitesands
Insitu Ltd. from 84% to 100%, for $120 million (see “Heavy Oil Business Unit Overview”).

In the second quarter of 2007, Petrominerales announced that the Mapuro-1 and the Casanare Este-1 wells
were plugged and abandoned.

On June 18, 2007, the Company announced that air injection commenced on our third THAI™ well pair
at the Whitesands project.
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In June, Petrominerales completed drilling and logging operations at the Corcel-Al exploration well on
the Corcel Block in the Llanos Basin. The Corcel-Al well spudded on April 7 and reached a total depth
of 12,000 feet on June 14. An extended production test commenced on September 7. On October 17, the
Corcel-A2 well reached total depth and was cased as a potential oil well. In November, Petrominerales
commenced an extended production test of the Corcel-A2 well.

On September 13, 2007, Petrominerales issued 5,060,000 common shares at US$12.05 per share for gross
proceeds of approximately US$61 million.

In the fourth quarter of 2007, Petrominerales completed the Conga-1 exploratory well as a potential oil
well on the Las Aguilas Block in the Putumayo Basin.

In the fourth quarter of 2007, Petrobank entered into a THAI™ license agreement and acquired a 50%
interest in certain heavy oil lands and related assets in the Peace River region of northwest Alberta owned
by Shell Canada Upstream (predecessor by amalgamation with Duvernay Oil Corp. effective
December 30, 2008.) See “Heavy Oil Business Unit Overview - Dawson Project”.

On November 1, 2007, Petrobank acquired the Sutton Creek License, comprised of a 23,040 acre oil
sands licence in Saskatchewan. The licence has a primary term of five years and forms the basis for a
possible future expansion of the application of the THAI™ technology into a new potential oil sands
resource fairway.

On November 14, 2007, Whitesands received a $10 million grant, from the Government of Alberta, in the
form of a royalty credit for Crown royalties. This program is administered by Alberta Energy’s
Innovative Energy Technologies Program.

On November 22, 2007, Petrobank entered into an arrangement agreement to acquire all of the issued and
outstanding shares of Peerless by way of plan of arrangement. See “Acquisitions”.

On December 6, 2007, Petrominerales raised US$100 million with a private placement of 3.375%
convertible notes due December 2010. In the fourth quarter of 2008, Petrominerales repurchased
convertible debentures with a face value of $18.3 million at a 39% discount.

Year ended December 31, 2008

On January 3, 2008, Petrobank announced the release of Whitesands’ Public Disclosure Document
relating to the proposed May River Project. See “Heavy Oil Business Unit Overview - May River
Project”.

On January 28, 2008, Petrobank closed the Peerless acquisition and Peerless was amalgamated with
Petrobank. See “Acquisitions” and “Corporate Structure”.

In February 2008, Petrominerales’ Casanare Este-2 exploration well was drilled to total depth of
10,570 feet, and was subsequently cased as a potential oil well. The well was subsequently abandoned
based on results obtained from the offsetting Castor-1 well.

On March 13, 2008, Petrobank announced that average production in the first quarter of 2008 increased to
22,524 boepd compared to 6,139 boepd in the first quarter 2007, a 267% increase. CBU production
increased by 239% to 13,889 boepd and production from the LABU increased by 323% to 8,635 bopd.
Petrobank also entered into an arrangement agreement to acquire 100% of the issued and outstanding
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shares of Rocor (see “Acquisitions”). In addition, Petrobank acquired an entry position on resource plays
in the Muskwa and Evie shales of the Horn River Basin in northeast British Columbia.

In the second quarter of 2008, Petrominerales drilled and completed two exploration wells on the
Mapache Block (Mapache-1 and Mirasol-1 (formerly Mapache-2)) as potential oil wells.

On August 13, 2008, Petrobank announced that production increased to over 34,500 boepd mainly due to
significant production additions from the Corcel-A4 and C1 wells in Colombia and our ongoing Bakken
development drilling program. In addition, the Company announced that the boards of directors of
Petrobank and Petrominerales both approved normal course issuer bids (the “NCIBs”) (see “Normal
Course Issuer Bids”).

On September 22, 2008, the Company announced the world’s first CAPRI™ in-situ catalytic production
well (P3B) at our Whitesands project.

On October 2, 2008, the Company announced that it successfully closed the previously announced
acquisition of Rocor for total consideration of approximately $53 million, comprised of
699,183 Petrobank common shares and $26.5 million in cash (see “Acquisitions™).

On November 21, 2008, Petrobank entered into a royalty, technology license and a joint operating
agreement with True Energy Trust to apply Petrobank’s patented THAI™ heavy oil recovery technology
on portions of True’s Kerrobert heavy oil property in Saskatchewan (see “Heavy Oil Business Unit
Overview”).

On November 28, 2008, the Company announced that the ERCB approved a three well expansion at
Petrobank’s Whitesands site.

In November 2008, Petrominerales entered into an agreement to acquire a 55 percent interest in the
2.6 million acre Block 126 in the Ucayali Basin of Peru (see “Peru”).

In late November 2008, Petrominerales’ drilling and completion operations at the Orito field were
suspended temporarily, due to a general strike in the Putumayo region of Colombia. Operations resumed
on January 6, 2009.

On December 18, 2008, Petrobank announced that it filed its application for the May River Project with
the ERCB and Alberta Environment. The May River Project is Petrobank’s 10,000 bopd THAI™
commercial demonstration project to be developed on our Whitesands Leases located two kilometres
from the current Whitesands pilot project site.

In December 2008, Petrominerales was granted two contiguous blocks in the Llanos Basin north of
Corcel, Block 25 and Block 31, on trend with the “world-class giant” Cusiana-Cupiagua. The award of
blocks 25 and 31 brought Petrominerales’ aggregate exploration contract holdings to 16 exploration
blocks in Colombia, consisting of 1.9 million acres of 100 percent working interest in operated lands in
Colombia’s Llanos and Putumayo basins.

On December 24, 2008, Petrobank completed a private placement of 285,795 common shares issued on a
flow-through basis, at a price of $33.00 per share, resulting in gross proceeds of $9.4 million.
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ACQUISITIONS

On January 28, 2008, Petrobank acquired Peerless Energy Inc. (“Peerless”) for $338.8 million, including
net debt assumed. At the time of acquisition, Peerless was producing approximately 5,600 boepd, of
which approximately 3,400 bopd was Bakken light oil strategically located within Petrobank’s core
properties in southeast Saskatchewan. Peerless’ proved plus probable plus possible reserves totalled
18.7 million boe and the net present value discounted at 10% (before tax) totalled $445.6 million at
December 31, 2007. Production and financial results for Peerless have been included in Petrobank’s
results starting January 28, 2008. On April 22, 2008, Petrobank filed on SEDAR Form 51-102F4
(Business Acquisition Report), with respect to our acquisition of Peerless.

On October 2, 2008, Petrobank acquired Rocor for $52.7 million, net of working capital assumed.
Rocor’s assets are focused on the Montney formation in northeast British Columbia and included
14 sections of land with two producing vertical wells, and a five mmcf per day gas plant. Production and
financial results for Rocor have been included in Petrobank’s results starting October 2, 2008. Petrobank
did not, nor was required to, file Form 51-102F4 (Business Acquisition Report) with respect to our
acquisition of Rocor.

OVERVIEW OF THE BUSINESS AND PRINCIPAL PROPERTIES

Canadian Business Unit Overview

Key properties of Petrobank’s Canadian Business Unit include the following:
Bakken Formation, Southeast Saskatchewan

The Bakken formation is found in the Williston Basin, underlying much of North Dakota, eastern
Montana and extending up into southern Saskatchewan. Unlike the conventional Mississippian oil
resources in this area of Saskatchewan which accumulate in distinct reservoirs, the Bakken is an extensive
regional resource play with the oil contained mostly in siltstones and thin sandstone reservoirs with low
porosity and permeability. Bakken oil is rich in natural gas and associated natural gas liquids, and a
facility program is underway to capture this additional revenue stream.

Following the success of Petrobank’s Bakken drilling program in late 2006, we proceeded, in early 2007,
to drill a series of exploration wells to extend the boundaries of the Bakken resource play, prior to the
major April 2007 Saskatchewan Crown land sale. At the April 2007 Crown land sale, Petrobank spent
$59.5 million to acquire 41,800 net acres of land in the Bakken play. Petrobank’s Canadian Business
Unit continued to build critical operating mass in Bakken play in early 2007, when we acquired a 50%
working interest in producing properties in the Viewfield/Stoughton area of southeast Saskatchewan from
a third party.

Our initial gas conservation and oil facility was completed at Innes in late 2007. In 2008, three new
facilities at Viewfield, Creelman, and Freestone were connected to our main Midale plant through
100 kilometres of new pipelines. Together our facilities are conserving more than 6.5 mmcf/d of natural
gas plus associated natural gas liquids and allow us to maintain low operating costs while improving our
overall project economics. All of these facilities are designed around a proactive approach to conserve
liquids-rich natural gas associated with our high-value Bakken light oil production.

The Bakken formation was Canadian Business Unit’s primary focus in 2008. In January 2008, we closed
the acquisition of Peerless (see “Acquisitions™). We operated an average of eight rigs through the year,
and at times had up to 10 rigs running to execute our development drilling program, which resulted in
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approximately three new wells being added per week. Our operational expertise was also refined through
2008, compressing the time from spud to on-stream for our wells, inclusive of the multi-stage fracture
stimulation to 35 days. In 2008, we drilled 226 (187.5 net) oil wells on our Bakken lands, surpassing our
internal target of 154 net operated wells, with a 99% success rate. Of the wells drilled, 166 (161 net) were
operated wells and 60 (26.5 net) were non-operated wells.

The Company’s Bakken land base, as of December 31, 2008, totals 270 (236 net) sections with an
average 87% percent working interest. CBU production increased 225% to 17,775 boepd in 2008 from
5,476 boepd in 2007 and proved plus probable reserves increased by 95% year-over-year to 59.5 million
boe. In 2008, Bakken production was 14,982 boe/d, representing 84% percent of the Company’s
Canadian Business Unit production during 2008.

Monias — Northeastern British Columbia

In October 2008, through the acquisition of Rocor, we acquired a prospective position in the Montney
tight gas play at Monias in northeastern B.C. We have a 100% working interest in 14 contiguous sections
of land, and a 5.0 mmcf/d gas plant.

In December 2008, we drilled our first Montney horizontal well, and in February 2009 we performed
seven multi-stage fracture stimulations in the upper portion of the 135 metre thick Montney interval. The
well flow tested at initial rates in excess of 7.5 mmcf/d plus 180 barrels of natural gas liquids per day. The
consistent geology across our 14 sections of land establishes a 55-well inventory of prolific Montney
drilling locations. Our next steps will be to install additional compression to increase our plant capacity
to 10.0 mmcf/d and then drill another well later in 2009. Our independent reserve evaluators have only
assigned reserves to our initial well as at December 31, 2008.

Horn River — Northeastern British Columbia

A resource play where the Company intends to apply our innovative completion experience is in the Horn
River Shale Basin, north of the Montney play in northeast B.C. As this emerging play has developed, we
began to build an acreage position, which now encompasses 65 sections (43,428 acres) of 100% working
interest lands and 14 sections of 15.5% working interest lands. Our first horizontal evaluation well
initiated drilling in late February 2009 in an area with all-season access close to the Alaska Highway.
The majority of the basin is characterized by a short three-month operating season (January to March) due
to the presence of thick muskeg. All-season access at this first location will allow us to complete the
multi-stage fracture stimulation during the second quarter of 2009. Our immediate focus will be on
drilling test wells and developing a multi-year inventory of drilling locations in the Muskwa and Evie
shales.

No reserves have been assigned to our Horn River asset base as at December 31, 2008.
Torquay, Southeast Saskatchewan and Southwest Manitoba

Petrobank is evaluating the potential of the Torquay formation, another siltstone play similar to the
Bakken, however, it is found in deeper Devonian-aged rocks. To date, Petrobank has drilled seven
vertical wells and one horizontal well (100 percent working interest) to test the play, which yielded high
initial rates of production but with steep declines. We are currently evaluating optimal drilling and
completion techniques to obtain maximum recovery rates. Our land base in the Torquay area includes
5.5 sections of land that the Company considers prospective. In addition, we hold other lands in the
region with as yet undefined potential.
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Jumpbush/Milo, Alberta

Petrobank’s Jumpbush property is predominantly located on the Siksika First Nation, approximately
100 kilometres east of Calgary, Alberta. The Company is operator and 70 percent working-interest
partner with Siksika Energy Resources Corporation (SERC). The Company believes that Jumpbush
provides a unique opportunity as it represents a large island of underdeveloped acreage predominantly on
the Siksika Nation, surrounded by non-reserve lands that have been developed in recent years. The
Company holds a portion of these surrounding lands at 100 percent working interest.

As at December 31, 2008, Petrobank’s land base in this area totals 56,908 gross acres (40,243 net acres).

The Jumpbush program is primarily a conventional shallow gas play in the Belly River and Medicine Hat
formations. The Belly River formation has several zones capable of natural gas production. Petrobank
has successfully applied 3D seismic to identify prolific Belly River gas horizons. By contrast, the deeper
Medicine Hat formation and the Milk River formation both contain a single gas-saturated, low
permeability sandstone of variable productive capability, which is encountered in almost every well
drilled.

There was no drilling activity at Jumpbush during 2008. The Company’s production averaged 865 boe/d
at Jumpbush during 2008, 98 percent of which was natural gas. In 2008, production from Jumpbush
represented five percent of the production attributable to Petrobank’s Canadian Business Unit.

Northwest Alberta Exploration

Petrobank is balancing its lower risk activities with higher impact exploration potential. During 2008,
Petrobank continued to acquire Crown lands across identified exploration plays in northwest Alberta with
the main targets being light sweet oil and natural gas opportunities in stacked horizons. In 2008, a step-
out exploration well was drilled at Cornwall and subsequently abandoned as follow-up to a successful
exploration well drilled late in 2007 which tested gas at 6.5 mmcf/day with 200 barrels per day of
condensate.

Heavy Qil Business Unit Overview

The Heavy Oil Business Unit is focussed on developing heavy oil resources utilizing the proprietary
THAI™ and CAPRI™ technologies. These technologies can be used in a wide range of oil sands and
conventional heavy oil reservoirs worldwide. At our Whitesands project, in the Athabasca oil sands in
Canada, the Company has been producing partially upgraded bitumen since 2006. During the fourth
quarter of 2008, the Company filed a regulatory application for the May River project, a 10,000 barrel per
day commercial project which is the first phase of a potential 100,000 barrel per day project on our
Whitesands lands.

In 2007, the Company entered into a THAI™/CAPRI™ license agreement with Duvernay Oil Corp.,
which was subsequently acquired by Shell Canada Limited, to develop a project in the Peace River region
of the Canadian oil sands. An additional joint venture and THAI™/CAPRI™ license agreement was
signed in late 2008 with True Energy Trust for a conventional heavy oil project at Kerrobert
Saskatchewan. Through the Company’s wholly-owned subsidiary Archon Technologies Ltd., additional
patents have been granted and several are pending for enhancements to THAI™ and CAPRI™ extending
the term and broadening the intellectual property base of our technologies.
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THAI™ Technology

THAI™ is the Company’s patented evolutionary in-situ combustion technology for the recovery of
bitumen and heavy oil that combines a vertical air injection well with a horizontal production well.
THAI™ integrates existing proven technologies and provides the opportunity to create a step change in
the development of heavy oil resources globally. During the process a high temperature front is created
from the combustion/gasification a portion of the oil in the reservoir which reduces the viscosity,
mobilizing the remaining oil allowing it to flow by gravity to the horizontal production well. The
combustion front sweeps the oil from the toe to the heel of the horizontal producing well, recovering up to
an estimated 70-80 percent of the original-oil-in-place while partially upgrading the crude oil in-situ. The
THAI™ and CAPRI™ technologies were acquired in 2003 by Petrobank and are held in Petrobank’s
wholly-owned subsidiary, Archon, which controls all intellectual property rights to the THAI™ process
and related enhancements, including the patented CAPRI™ technology which offers the potential for
further in-situ upgrading through the use of a well-bore integrated catalyst.

THAI™ has many potential benefits over other in-situ recovery methods, as noted below:
Operational and economic benefits

Higher potential resource recovery, projected at 70 to 80 percent of bitumen-in-place in the oil sands
based on laboratory tests and field scale numerical simulation.

Ability to operate in lower quality reservoirs inaccessible using other steam-based recovery processes
Lower capital and operating costs

Shorter construction period

Negligible consumption of natural gas and water

Partially upgraded bitumen

Reduced diluent requirements for transportation

Energy self-sufficient through the utilization produced gas for power generation

VVVYVYVYVY

Environmental benefits

In addition to operational and economic benefits, the THAI™ process provides benefits in terms of
reducing the impacts of resource development impacts on the environment.

Lower greenhouse gas emissions

Minimal use of groundwater and natural gas

Reduced surface facilities footprint

High quality produced water with potential industrial uses

CO, capture ready

VVVVY 'V

THAI™ Process Steps
Pre-Ignition Heating Cycle
At start-up the horizontal and vertical wells are steamed for a short period of time to warm the horizontal

well and to create mobility around the vertical well to facilitate air injection. Work is being done to try to
eliminate the steam from the PIHC.
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Combustion Initiation

Air is injected into the reservoir, auto-igniting the oil creating a high temperature combustion zone (over
700°C). The hot combusted air contacts the cold oil in front of the combustion zone causing the lighter
oil fraction to be mobilized and the heavier fraction to be deposited as hydrocarbon coke onto the
reservoir sand. The continuous deposition of coke provides the fuel for the ongoing combustion reaction.
The light oil and vaporized reservoir water are swept into the horizontal well and to surface by the
combusted air.

Steady State

As air injection continues, the oil drainage front broadens and a continuous air bank is established with
production stabilizing at rates of over 500 bbl/day based on reservoir models. At steady state, the shape
of the oil drainage front is constant, enabling control of the oxygen flux and assuring that the high-
temperature oxidation process predominates.

End State

Once the front edge of the drainage volume reaches the heel of the horizontal producer, the next set of
follow-on horizontal wells can be drilled. The reservoir is already preheated and the process can continue
on in the steady state phase at peak production rates without additional start-up phases. The region
behind the burning front is swept of oil, demonstrating why high recovery factors are expected with the
THAI™ process.

THAI™ Applicability in the Canadian Oil Sands

The geology of the Canadian oil sands resource is variable and is a major influence in the performance of
any recovery technology. The major variables include: the presence of bottom water, top water and/or top
gas, which can act as thief zones for heat; large shale lenses that act as barriers for steam migration; the
thickness of the bitumen zone; and lower pressure reservoirs. Several technologies rely on steam to heat
and soften the bitumen underground allowing it to flow to production wells. Both CSS and SAGD are
operate best in relatively homogeneous oil sands reservoirs, which is only about 10 percent of the
resource base, and can only recover 20-50 percent of the bitumen in place.

THAI™ has the potential to recover up to 70-80 percent versus 20-50 percent from the current steam-
based in-situ technologies. THAI™ could also be applied to previously steamed reservoirs to recover
residual bitumen and has the potential to operate in poorer quality reservoirs as it is less impacted by the
geologic variables found in the oil sands. Thinner reservoirs (less than 10 metres) can be a target for
THAI™ as only one horizontal well is required compared to two horizontal wells with SAGD. THAI™
is not as sensitive to the presence of top or bottom water, which act as heat thief zones, nor is as sensitive
to the absence of top gas that provides some reservoir pressure.

One of the main geological variables of the oil sands is large shale lenses which act as barriers for steam
migration. These shale lenses are less of a concern with THAI™ as the process creates its own pressure
regime and operates at very high temperatures, allowing heat to penetrate around these potential barriers.

Canadian Oil Sands

The Canadian oil sands are the world’s largest accumulation of hydrocarbons. Located in north eastern
Alberta, the oil sands underlie approximately 140,000 square miles and contain bitumen, a thick tar-like
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hydrocarbon which requires significant upgrading or diluent to be marketable. The Company’s
Whitesands assets are situated in the heart of the in-situ oil sands development fairway.

Challenges of the Canadian Oil Sands

The bitumen contained in the Canadian oil sands is immobile and is often produced through open-pit
mining where it is encountered close to the surface or, where the bitumen is too deep to mine, through the
addition of steam heat into the reservoir.

To date, in-situ recovery using SAGD and CSS has been utilized to inject steam to heat the reservoir and
mobilize the bitumen so that it can flow to a production well. These steam-based processes can typically
recover 20 to 50 percent of the bitumen in place. SAGD involves drilling one horizontal well near the
bottom of the reservoir and a second horizontal steam injection well 3 to 5 metres above the production
well. The steam rises, mobilizing the bitumen which drains into the lower horizontal well and is pumped
to surface. CSS uses one vertical well to inject steam for a period of time, after which the mobilized
bitumen and condensed water is pumped to surface using the same well. In CSS the steam is injected at a
high pressure, often high enough to fracture the reservoir rock, and the steam injection and oil production
is repeated over many cycles. Steam processes are energy intensive with high environmental impact as
large amounts of water are required to generate the steam and produces associated emission of significant
volumes of greenhouse gases from the burning of natural gas and other hydrocarbon fuels.

THAI™ Applicability in Conventional Heavy Oil

Conventional heavy oil is mobile, lighter than bitumen, and production processes are similar to light oil
where the oil is pumped cold. Recovery factors for conventional heavy oil are very low with 80 to 90 per
cent of the original oil-in-place being unrecovered. These types of resources occur worldwide and
represent over three trillion barrels of oil-in-place, much of which may be recoverable using THAI™.

Whitesands Project

Petrobank, through Whitesands, has a 100 percent working interest in 62 sections (39,680 net acres) of oil
sands leases, referred to herein as the Whitesands Leases, located at Townships 76-78 Ranges 8-10 W4M
near the Hamlet of Conklin, Alberta. The oil sands bitumen deposit is contained within the cretaceous-
aged McMurray filled valley sandstone at a depth of 350 to 400 metres. The Whitesands Leases are
Crown leases with 15-year primary terms. Certain of the leases comprising the Whitesands Leases expire
in 2015, with additional expires occurring in 2017 and 2021. With commercial development the
Whitesands Leases can be held by Whitesands indefinitely, as such, the Company does not expect to
allow any of the lands comprising the Whitesands Leases to expire. The nearest commercial production
to the Whitesands Leases is at the EnCana Christina Lake SAGD project approximately 24 kilometres
east of the Whitesands Leases. Other commercial SAGD projects in operation near the Whitesands
Leases include Devon Energy Ltd.’s Jackfish project, MEG Energy Corp.’s Christina Lake project,
Statoil’s Kai Kos Dehseh project, and Nexen Inc. and OPTI Canada Inc.’s Long Lake project.

Whitesands is utilizing THAI™ in-situ heavy oil recovery process in the oil sands resource on the Lands.
To this end, applications to conduct a THAI™ project on the Lands were filed with the AEUB and AENV
in October 2003, and in February 2004 the Whitesands project received approval from the AEUB and
AENV. The approval was the culmination of rigorous technical and environmental scrutiny by the
regulatory authorities.

The Whitesands pilot project was designed around three well pairs producing to a central facility. Air
injection commenced on the first well pair in July 2006. Air injection on the second well pair was
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initiated in January 2007 and on the third pair in June 2007. The wells each demonstrated the same start
up characteristics. Modifications to the surface facilities, including enhanced sand handling capability, as
well as wellhead and choke enhancements, have improved the operating efficiencies. De-bottlenecking
was completed to improve the efficiency and capacity of the surface facilities.

One of the expected benefits of THAI™ is partial upgrading in-situ. We have consistently produced
upgraded bitumen to between 10 and 14 degrees API from a native API of 7.8 degrees. Viscosity is also
consistently reduced from a native viscosity of approximately 500,000 centipoises to several thousand
centipoise and lower in the more upgraded production. One of the unique aspects of the oil produced by
the THAI™ process is the lack of difficult emulsions and there is a clean oil/water separation eliminating
the need to add diluent at surface to achieve a clean oil water separation.

On April 1, 2005, the Company announced that TPC had committed to invest up to $9.0 million towards
the development and field demonstration of the THAI™ technology at the Whitesands project. Upon
commercialization of THAI™ technology, TPC will be entitled to a royalty based on three separate
revenue streams. The first stream is based upon 3 percent of Whitesands project revenue earned after
January 1, 2006 with initial payments due May 1, 2010. The second stream is based on 0.6 percent of
Whitesands revenues (excluding pilot project revenues) earned after January 1, 2009 with initial payments
due May 1, 2010. The third stream is based on 3 percent of all third party THAI™ licensing revenues
earned after January 1, 2008 with initial payment due May 1, 2009. If, as of December 31, 2017, the
cumulative royalty paid from the three royalty streams has not reached or exceeded $26.2 million, royalty
payments will continue until $26.2 million has been paid or until December 31, 2022, whichever occurs
first.

On June 11, 2007, the Company closed the acquisition of all of the shares of its Whitesands Insitu Ltd.
subsidiary previously held by minority shareholders, increasing Petrobank’s ownership of Whitesands
Insitu Ltd. from 84% to 100%, for $120 million. The acquisition was funded entirely by cash on hand.
This acquisition was completed pursuant to the terms of the Unanimous Shareholders Agreement
governing the original investment. The shares of Whitesands Insitu Ltd., previously held by these
minority shareholders through their original investment, were purchased by the minority shareholders in
April 2005, at a cost of $23.7 million in exchange for the 16% interest in Whitesands Insitu Ltd. and three
million common shares of Petrobank.

On November 14, 2007, Whitesands received a $10 million grant, from the Government of Alberta, in the
form of a royalty credit for Crown royalties. This program is administered by Alberta Energy’s
Innovative Energy Technologies Program (“IETP”). The IETP represents a $200 million commitment
over five years by Alberta Energy to provide royalty adjustments to a number of specific pilot and
demonstration projects that use innovative technologies to increase recoveries from existing reserves and
encourage responsible development of oil, natural gas and in-situ oil sands reserves. IETP is also
designed to provide funding for industry to find commercial technical solutions to the gas over bitumen
issue that will allow efficient and orderly production of both resources.

In December 2007, the Company completed a 4D seismic survey over the current Whitesands project site,
which provides confirmation of the combustion zone development. A further 4D seismic survey was
completed in December 2008 and this survey also confirmed the process in the reservoir is progressing
from the toe of the production well to the heel.

The Company drilled P3B on the Whitesands Leases late in the second quarter of 2008 and completion
operations commenced on the well in late July, 2008. This well was designed to demonstrate the
additional upgrading potential of our CAPRI™ process which places an active catalyst bed between two
concentric slotted liners. In laboratory tests, CAPRI™ has achieved an upgrading effect of seven degrees
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APl in addition to the upgrading effect resulting from the THAI™ process. The P3B well also
incorporates our narrower slot design, intended to significantly reduce sand production from the
McMurray sandstone reservoir typically encountered at the Whitesands Leases.

Since commencing production on the P3B well, the well has exhibited negligible sand production proving
the effectiveness of the new liner design. The current degree of oil upgrading and the produced gas
analysis from P3B are consistent with the P1 and P2 wells, indicating high temperature combustion.
Produced oil quality is consistently averaging approximately 12 degrees API, compared to the native
eight degree API bitumen in-situ. We continue to recover a light oil condensate stream in the secondary
separators that is being carried in the vapour phase by the overhead gas system and condensed out in the
secondary separators. This lighter oil can be over 30 degrees API and recent analysis indicates that this
stream could be up to 10 percent of the total produced hydrocarbons. This lighter oil component further
demonstrates significant in-situ thermal cracking and the potential for co-production of other high-value
by-products.

In P1 and P2 we have started to see a reduction in produced sand through the de-sand vessels, which has
resulted in improved on-stream factors and the wells have had periods of high productivity, up to
400 bopd. Despite these minor operational improvements, these wells still pose major operational
challenges and as a result we plan to either re-complete them with narrower slotted liners or drill at least
one replacement well. Regulatory approval for our expansion at Whitesands was received late in the
fourth quarter and in anticipation of this approval we positioned ourselves to immediately execute the
project. However, we have decided that there is little benefit to be gained from significantly expanding
the Whitesands site. We have decided to cost-effectively convert Whitesands into a modified three to
four well THAI™ and THAI™/CAPRI™ demonstration site.

May River Project

The May River Project is the commercial development of Petrobank’s leases (including the Whitesands
project) west of Conklin, Alberta utilizing THAI™. The May River design builds on the experience
gained from the Whitesands pilot plant and is intended to be built in phases, with initial production
capacity of 10,000 barrels of THAI™ oil per day with ultimate capacity of 100,000 barrels.

The regulatory application for May River’s first phase was filed with the Energy Resources Conservation
Board and Alberta Environment at the end of 2008. The application has been deemed complete and is
now moving through the regulatory process.

The front end engineering and design for the project began in the fourth quarter of 2008. The design
incorporates power generation utilizing low energy produced gas, sulphur recovery, is CO, capture ready,
and will be a net water producer rather than a water user, making the May River project a leading
environmentally sustainable process for oil sands and heavy oil development. The Project is utilizing a
modular approach that is designed to be installed and operated on heavy oil projects world-wide.

Glover Project
In the second quarter of 2007, we acquired the Glover Lease. The Glover Lease located approximately

6.5 kilometres south of the Whitesands Leases. These leases will be further evaluated in the future as our
focus will be on Whitesands in May River areas in the Athabasca oil sands.
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Dawson Project

The Company acquired a 50% interest in the Dawson Property and entered into a license and royalty
agreement with Duvernay Oil Corp., with respect to our first Alberta-based, third party THAI™ license.
Our partner is now Shell Canada Limited who acquired Duvernay Qil Corp. in August 2008. The project
is located near Peace River Alberta and will be developed in the Bluesky formation. The upper portions
of this formation contain 11 degree API heavy oil, comparable to other conventional heavy oil reservoirs
throughout western Canada. The project scope consists of two well pairs and our simplified facility
design. The Company and Shell have an area of mutual interest in certain lands surrounding the Dawson
Property. In August 2008, a stratigraphic well was drilled on the project site that will be used as a thermal
observation well during the project’s operating phase.

Kerrobert Project

Late in the fourth quarter of 2008, we entered into royalty, technology license and joint operating
agreements with True Energy Trust to apply Petrobank’s patented THAI™ heavy oil recovery technology
on portions of their Kerrobert heavy oil property in west central Saskatchewan.

Under the agreements, Petrobank will initially earn a 50% working interest in three sections of land in the
Kerrobert Mannville heavy oil pool. Subject to regulatory approval, Petrobank and True will develop a
two-well project to demonstrate the THAI™ technology in this 20+ metre thick conventional heavy oil
reservoir. Petrobank will earn an additional ten percent gross overriding royalty on True’s share of all
THAI™ production following a threshold reserve recovery.

Petrobank will also earn a 50% working interest in 10 additional sections of True lands upon the
expansion of the initial THAI™ project or development of another project on these lands. In addition,
Petrobank and True established an area of mutual interest over 30 additional sections of land to jointly
develop additional THAI™ projects.

Sutton Creek Project

In the third quarter of 2007, we acquired a township of land comprised of 36 square miles (23,040 acres)
with oil sands potential at Sutton Creek, Saskatchewan. This new land position is located within a new
and promising Saskatchewan oil sands fairway. In 2008, we acquired 35 kilometres of 2D seismic on our
23,040 acre oil sands lease in northwest Saskatchewan.

Intellectual Property

The Company indirectly owns the patents and other intellectual property rights to the THAI™ and
CAPRI™ technologies (the “Technologies™) through Petrobank’s wholly-owned subsidiary, Archon.
Whitesands has royalty free use rights to the Technologies and any future third-party (non-Petrobank)
licensing royalties generated by Archon are subject to a 17.5 percent net profits interest payment (see
“Interest of Management and Others in Material Transactions”). THAI™ is patented in Canada (patent
number 2176639, expiring May 15, 2016) the United States (patent number 5,626,191 expiring
June 23, 2015 and September 4, 2018) and Venezuela (patent number 57853 expiring May 29, 2016).
CAPRI™ js patented in Canada (patent number 2255071, expiring December 4, 2018) the United States
(patent number 6412557 expiring August 25, 2020) and the United Kingdom (patent number 1060326
expiring December 4, 2018) and Australia (patent number 9914781 expiring June 28, 2019). Each of
THAI™ and CAPRI™ have trademark registrations in Canada, the United States, and certain other
countries around the world for use in association with the Technologies.
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Research and development activities are conducted under two wholly-owned subsidiaries of Petrobank,
Archon and Archon Technologies International Inc. Proprietary laboratory facilities were established in
2005 and Archon is playing an increasingly important role in the development of new technologies and
enhancements to the THAI™ process, as well as the evaluation of complementary technologies. Ongoing
activities include the advancement of CAPRI™ which adds a catalyst around the horizontal production
wells to increase the upgrading effect in-situ, concurrent with the THAI™ combustion process. Archon
also performs a vital function in the ongoing evaluation of the operation of the Whitesands project by
analyzing produced gases, water and oil, as well as generating solutions to operating issues as they arise.
This creates valuable operational know-how and intellectual capital in the technologies.

In early 2009, Petrobank’s wholly-owned subsidiary, Archon Technologies Ltd., achieved an important
milestone with the granting of two new U.S. patents, for previously filed patent applications covering
improvements that add novel features to Archon’s existing THAI™ and CAPRI™ technologies. These
new patents enable pressure and temperature control in the horizontal producer as well as the co-injection
of oxygen and CO, that combines the benefits of thermal and solvent flooding. In addition, these patents
extend the life of our existing intellectual property to 2026. Three other patent applications are pending,
covering a “Heel-to-Toe” combustion design, our novel well design and catalyst placement for CAPRI™,
and downhole solvent injection. The Archon suite of patents are filed under the Patent Convention Treaty
for worldwide coverage. Archon continues to develop additional patentable intellectual property to
further enhance and expand the effectiveness of our core THAI™ and CAPRI™ technologies.

Latin American Business Unit Overview

Petrominerales, the Company’s 76.5% owned subsidiary, is an exploration and production company
operating at the forefront of Colombia’s oil and gas industry. Five years ago, the Colombian government
introduced a compelling new fiscal and land contracting regime. Under the new regime, Petrominerales
began accumulating exploration blocks and is now one of the country’s largest land holders with
18 blocks spread across three prolific hydrocarbon basins. Petrominerales was one of the first exploration
companies in the country to use 3D seismic as a primary exploration tool, and in 2007, we drilled a major
discovery at Corcel. With rapid development of Corcel, Petrominerales is now Colombia’s largest
producer from exploration blocks under the new fiscal and land contracting regime. Corcel is only one of
many exploration plays being pursued by Petrominerales in the largely under-explored basins of
Colombia and now, Peru.

As one of the largest land holders in Colombia, Petrominerales has identified key areas to focus our
resources and the talents of our people. There are three pillars to our operating plan:

» Near-term development — rapid development of our major Corcel discovery, as well as cost-effective,
low risk activities in development projects at our Orito and Neiva fields;

» High-impact exploration — selecting basins in both Colombia, and now Peru, which are in the early
stages of development, but with excellent prospectivity for large reserve accumulation;

» Heavy oil — a longer-term strategy, Petrominerales is starting to explore in Colombia’s heavy oil belt,
which has potential for future development. Petrominerales plans to be at the forefront of the
expansion of the Colombian heavy oil industry through the application of technology. We are
targeting large accumulations of heavy oil and offer world-class exploitation expertise including the
opportunity to deploy the THAI™ technology in Colombia. THAI™ has significant operational and
environmental benefits over other processes and represents a step change in recovery efficiencies.
Petrominerales has the exclusive rights for the application of the technology in Colombia.
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Principal Properties in Colombia
IPC Contracts

Petrominerales has IPCs in two fields in southwestern Colombia, Orito, in southern Colombia’s
Putumayo Basin, and Neiva, in the Upper Magdalena Valley Basin, in each case in partnership with
Ecopetrol. Each IPC provides that Petrominerales will share in a portion (initially 79 percent in the case
of the Orito Block and 69 percent in the case of the Neiva Block) of the incremental production, above an
established baseline production curve, generated by its development activities. Each IPC’s established
baseline of production corresponds to the decline curve forecast based on the field’s original production
history. Working interest production is subject to an eight percent royalty paid to the government

Orito Field

The Orito Field, the largest in southern Colombia’s Putumayo Basin, has extensive field infrastructure,
good seismic control and connection to an under-utilized export pipeline with deep water loading
facilities, enabling fiscalization of incremental oil production. Pursuant to the IPC, Petrominerales gains
access to all existing infrastructure and data, while Ecopetrol participates in any incremental upside
Petrominerales generates over the life of the contract, which terminates in June 2023. The Orito IPC
covers 42,492 gross acres.

The Caballos formation is a reservoir containing four major sand packages and is interpreted to have a
strongly tilted oil-water contact that varies from a depth of 5,200 feet sub-sea in the northern part of the
field to 6,200 feet sub-sea in the south. This aquifer provides pressure support to the Caballos reservoir as
evidenced by relatively unchanged pressures since 1980. In addition, the Caballos reservoir fluid is
compositionally graded, ranging at original conditions from a conventional black 29° API oil at
structurally low positions, increasing to approximately 45° APl oil with decreasing depth, and
culminating in a gas-condensate region at the very top of the reservoir. The complex fluid combined with
the tilted contact and structural nature of the reservoir results in a system that has several drive processes
occurring simultaneously. “Combination drive” reservoirs (water drive, solution gas drive, and gas cap
expansion) tend to exhibit high recovery efficiencies that can reach over 40 percent of the original-oil-in-
place. Cumulative total production from the Caballos zone of approximately 192 Mmbbl is considerably
below average for a field of this type. To enhance current production, Petrominerales is employing a
combination of late-stage primary recovery techniques, such as drilling in-fill wells, changing from gas
lift to electric submersible pumps, and re-completing wells to enhance oil inflow.

As at December 31, 2008, the Orito field had produced just over 232 Mmbbl, including approximately
192 Mmbbl from the Caballos zone, the most significant of three reservoirs at Orito. The majority of
Petrominerales’ expenditures to date have targeted the Caballos zone. Petrominerales also plans to
complete testing the Villeta formation found in the Conga-1 exploration well drilled on the neighbouring
Las Aguilas Block, and has initiated a pilot water flood in the shallower Pepino zone. Petrominerales’
management believes that the Orito field offers numerous opportunities to create value through in-fill
drilling, field extension, facilities upgrades, secondary recovery and other enhancement techniques proven
in Canada and elsewhere.
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In 2008, gross field production at Orito averaged 5,994 bbl/d and baseline production averaged
2,265 bbl/d, resulting in average incremental production of 3,729 bbl/d (2,946 bbl/d working interest to
Petrominerales before deduction of an eight percent royalty). The baseline production forecast is:

Orito Field Baseline Production Forecast

Year (bbl/d)
2009 2,337
2010 2,222
2011 2,121
2012 2,022
2013 1,934
2014 1,855
2015 1,781
2016 1,712
2017 1,649
2018 1,589
2019 1,534
2020 1,485
2021 1,433
2022 1,384
2023 562

Neiva Field

The Neiva Field in the Upper Magdalena Basin lies approximately 300 kilometres northeast of Orito.
Neiva has shallow multi-zone reservoirs facilitating low-risk exploitation drilling. Neiva’s reservoir
consists of sand-shale sequences totalling up to 1,500 feet of gross pay in the Honda and Doima/Chicoral
zones.

Petrominerales holds 2,395 gross acres (1,653 net acres) of land at Neiva under an IPC that expires in
June 2023. To the end of 2008, Petrominerales had drilled 12 wells and performed 20 workovers.

In 2008, average daily production in the Neiva field was 2,707 bbl/d and baseline production averaged
2,072 bbl/d, resulting in average incremental production of 634 bbl/d (438 bbl/d working interest to
Petrominerales before deduction of an eight percent royalty). The baseline production forecast is:

Neiva Field Baseline Production Forecast

Year (bbl/d)
2009 1,043
2010 1,833
2011 1,723
2012 1,619
2013 1,523
2014 1,433
2015 1,348
2016 1,268
2017 1,192
2018 1,121
2019 1,055
2020 992
2021 932
2022 877

2023 348
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Exploration Blocks - Colombia
Corcel

Corcel has rapidly progressed from exploration to significant oil production on less than 15% of the
block’s acreage. There are currently six producing oil wells on the block from three structures, A, C and
D. In 2008, average daily production from the Corcel Block was 7,562 bbl/d, the fourth quarter
production averaged 13,023 bbl/d and in February 2009 production averaged 21,764 bbl/d. Since
inception, the cumulative production from the Corcel Block to December 31, 2008 was 2.4 million barrels
from the A structure, 1.0 million barrels from the C structure, and 0.1 million barrels from the D structure.

While the ultimate potential of the block will be defined through long-term testing and additional drilling,
Corcel is a significant discovery that has extended the oil-bearing horizons in the Llanos Basin to an area
that has not seen exploration activity in recent years.

Production is currently being processed through our Corcel central processing facilities and trucked to
seven different offloading stations. The majority of production, 95%, was sold to Ecopetrol and trucked
to five offloading stations; Araguaney, Chichimene, Vasconia, Velasquez and Toldado.

Corcel A

The Corcel-Al well was spud on April 8, 2007 and reached a total depth of 12,000 feet in the third
guarter of 2007. A six-month extended production test commenced on September 7, 2007 at initial rates
of 4,000 bbl/d.

The Corcel-A2 well was spud on August 25, 2007 and reached a total depth of 12,140 feet on
October 17, 2007. Logs indicated total potential net pay of approximately 125 feet of high quality
reservoir sands in the Mirador and Guadalupe formations. We initially completed four intervals, with a
total of 45 feet of sand, in the Upper and Lower Mirador formations of the Corcel-A2 well. These
intervals were initially tested over a 24-hour period and on November 6, 2007 we announced that our
Corcel-A2 well came on-stream at rates increasing to 3,100 bbl/d on natural flow. The well was then shut
in for pressure build up and was placed on an extended production test commencing November 17, 2007.
The well suffered a major casing issue which caused the well to be shut-in in the second quarter of 2008.
In 2009 or 2010, we plan to side-track this well and place it back on production.

The Corcel-A3 well was spud on November 21, 2007 and was drilled directionally to a depth of
13,050 feet. Logs indicated that the productive horizons present in Corcel-Al and Corcel-A2 were present
in Corcel-A3. The top of the Mirador zone in Corcel-A3 is approximately 95 feet lower compared to
Corcel-Al. An additional 600 feet of geological section was drilled in Corcel-A3 below what was
previously thought to be economic basement. During the drilling of the additional section, we
encountered sands with oil and gas shows before drilling was terminated and the decision was made to
case the well. Three of these new intervals were evaluated, two unsuccessfully. The interval from 12,449
feet to 12,461 feet was perforated and successfully tested 27 degree API crude oil at rates up to 760 bbl/d,
with fluctuating water cuts. During 2008 the well was converted to a water injection well to handle
produced water from the field.

The Corcel-A4 well was drilled to a targeted depth of 12,465 feet and was brought on production at rates
of over 4,500 bbl/d in the Guadalupe and Mirador intervals in the second quarter of 2008.
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Corcel C

The Corcel-C1 exploration well was spud on May 23, 2008 and reached total depth of 13,189 feet on July
9, 2008. Logs indicated presence of 77 feet of pay present in the Lower Sand 1 and Guadalupe
formations. We perforated 35 feet of the Lower Sand 1 yielding an initial flow rate of 5,200 bbl/d of
19 degree API oil.

The Corcel-C3 well was spud on July 26, 2008 and reached total depth of 13,357 feet on
September 1, 2008. Logs indicated presence of 68 feet of pay present in the Lower Sand 1 and Guadalupe
formations. We perforated 23 feet of the Guadalupe formation yielding an initial flow rate of 9,700 bbl/d
of 29 degree API oil.

Our Corcel-C discovery is significant as it demonstrates the presence of a new play concept in the region.
We believe this increases our chance of success on the Corcel-B structure and has expanded our drilling
inventory to include the Corcel-G exploration prospect, both of which are analogous play concepts.

Corcel D

The Corcel-D1 exploration well was spud on September 27, 2008 and reached a total depth of 12,350 feet
on November 5, 2008. Logs indicated total potential net pay of approximately 102 feet of high quality
reservoir sands in the Mirador and Guadalupe formations. The Corcel-D1 well had initial production of
3,800 bbl/d of 22 degree API crude oil with one percent water cut from 35 feet of sand in the Guadalupe
formation. Pre-mature water breakthrough in the Guadalupe perforations caused the well to be shut-in in
these zones. Based on log and core analysis, the well had an additional 67 feet of net pay in the Mirador
and Lower Sand 1 intervals. In January 2009, the well was re-completed in the Mirador formation and
was brought on production at 8,770 bbl/d.

The Corcel-D2 exploration well was spud on November 12, 2008 and reached total depth of 12,262 feet
on January 3, 2009. Logs indicated presence of 75 feet of pay present in the Mirador and the Guadalupe
formations. The liner cementing operation was unsuccessful and attempts to cut and pull the liner from
the well were also unsuccessful. The liner was cement squeezed and abandoned and a sidetrack was
drilled approximately 15 feet away from the original wellbore where a new seven inch liner was run and
successfully cemented. In early 2009, the well was placed on production from 46 feet of pay in the
Mirador formation with an initial rate of 4,500 barrels of 26 degree API oil per day at a 50% water cut.
The initial 50% water cut is possibly a result of cross flow from water bearing zones encountered in the
original wellbore and as a result may not fully reflect the ultimate oil production potential of the Mirador
formation.

The Corcel-D3 exploration well was spud on January 31, 2009 and reached total depth of 12,580 feet.
Well logs indicate 111 feet of potential net oil pay in the Mirador, Guadalupe and Lower Sand 1
formations and we are casing the well as a potential oil producer.

Corcel Exploration

In 2008, we completed a 120 km? 3D seismic program over the northeastern portion of the Corcel Block
adjacent to and on trend with the existing Corcel 3D seismic. The processing was completed in late 2008
and we are currently interpreting the data. Initial indications are that this newly acquired seismic data will
allow us to continue to expand our prospect inventory including a number of different play types. All of
our 2007 and 2008 drilling locations were picked from our original 3D seismic data set, which covered
15% of the Corcel Block.
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Guatiquia

In 2008, we completed a 40 km? 3D seismic program over the Guatiquia Block, immediately southwest
and adjacent to the Corcel discovery. We expect to drill our first exploration prospect in 2009, which was
identified from the 3D seismic.

Blocks 25 and 31

On December 4, 2008, we were awarded Block 25 and Block 31 at the Colombian Mini Round 2008.
Block 25, immediately southwest of and on trend with the “world-class giant” Cusiana-Cupiagua field
covers 169,733 acres. Block 31, immediately north of and adjacent to our Corcel Block, covers
163,975 acres.

The first phase work commitments will include shooting 138 km 2D seismic, 55 km? of 3D seismic and
drilling one exploration well on Block 25, and acquiring 133 km 2D seismic, 60 km? of 3D seismic and
drilling two exploration wells on Block 31.

In aggregate, the blocks currently have 1,315 kilometres of existing 2D seismic from which we have
already identified several leads.

The first work commitment phase for both of these blocks is three years. These blocks are subject to the
standard ANH contract terms plus a further state participation of one percent of gross production, payable
to the ANH. We executed this contract with the ANH on February 16, 2009, and they are subject to the
final approval of the Directive Council of the ANH which is expected in due course.

Mapache

On the Mapache Block, two exploration wells, Mapache-1 and Mirasol-1 (formerly Mapache-2), were
drilled and completed as potential oil wells in the second quarter of 2008. Subsequent to
December 31, 2008, the Mirasol-1 well was prepared for extended production testing. On initial test, the
well flowed at an average rate of 1,300 barrels of 34 degree API oil per day, over a 30-hour period from
nine feet of high quality sand, in the Upper Carbonera 7 (C7) formation. Following the C7 test in
Mirasol-1, the Upper Mirador formation was re-swab tested and stabilized at a rate equivalent to
515 bbl/d of 34 degree API crude. We have installed an electric submersible pump capable of producing
3,500 barrels of fluid per day and have constructed production facilities with an initial capacity of
5,000 barrels of fluid per day. We have begun completion operations at the Mapache-1 well, which
appears to have similar potential in the Mirador sands to Mirasol-1. Final rates from our initial twenty
four hour flow test at Mapache-1 were 1,400 bbl/d of 34 degree crude oil, at less than 2% water cut.

Casimena

The Mapuro-1 side track well commenced drilling on December 12, 2007 and reached a total depth of
8,760 feet on January 4, 2008. The objective of the well was to test a seismically defined Ubaque
formation prospect. However based on petrophysical analyses the well was abandoned. We are planning
an 85 km? 3D seismic program in 2009.

Castor

The Castor-1 exploration well was drilled to a total vertical depth of 10,604 feet in the second quarter of
2008 and, based on formation evaluation information, the decision was made to abandon the well. Our
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phase 2 commitment includes additional 3D seismic which will be acquired to evaluate an extended
portion of the 108,741 acre block before drilling our next Castor exploration well.

Casanare Este Block

The Casanare Este-2 well reached a total depth of 10,570 feet on February 27, 2008. The well was
completed as a potential oil well and the first of three potential zones was completed with the drilling rig,
but tested 100% water. Originally, we planned to complete the additional horizons in the well with a
workover rig but we have now made the decision to abandon the well, based on additional analysis and
results from the offsetting Castor-1 well. Before drilling our next Casanare Este exploration well, we plan
to acquire additional seismic on the block in 20009.

Jaguar, Altamira A&B

A 3D seismic program was completed covering portions of the Jaguar, Altamira A&B blocks. However,
the prospectivity of block as derived from the 3D seismic interpretation did not meet Petrominerales’
expectations. We are currently reviewing our strategy for these blocks.

Joropo

On March 6, 2009, Petrominerales notified the ANH of its intention to relinquish 71,130 acres of the
Joropo Block, retaining 1,127 acres surrounding the Ojo de Tigre-2 and Ojo de Tigre-3 wells.

Petrominerales drilled an initial test well on this block (the Ojo de Tigre-1 well), in March 2006, which
was abandoned due to a lack of commercial hydrocarbons. To extend the term of the license,
Petrominerales commenced drilling on a second distinct seismic anomaly in January 2007. The Ojo de
Tigre—2 well was initially drilled to a total depth of 8,309 feet and logged and evaluated. Based on
Petrominerales’ evaluation, and the geological and hydrocarbon indications in this well, a decision was
made to side-track to a more favourable bottom-hole location. This second well from the same surface
location, Ojo de Tigre-2 Side-Track, was drilled to a total depth of 8,419 feet and was cased as a potential
oil well. The well was cored through certain prospective intervals with indications of high quality oil
bearing sands, which was confirmed by subsequent logs indicating a primary target, in the Mirador
Formation, with net oil pay in excess of 25 feet. A gravel pack was run over the producing interval to
prevent sand production that could plug the lifting pump and to guarantee test data given the proximity of
the rainy season. The well was tested from March 26 to April 5, 2007 at rates of up to 420 barrels of fluid
per day with a water cut ranging between 20 to 30%, showing a permanent improvement in both fluid rate
and decreased water cut. The pressure transient analysis showed significant damage presumably
associated with the type of completion and will need to be re-tested to fully evaluate the potential of the
well.

The Ojo de Tigre-3 well was spud on January 31, 2008 and reached a total depth of 8,324 feet on
February 14, 2008. The well was completed in the Carbonera formation. Seventeen feet of C7 sands were
perforated, however the well produced 100% water. Upon further evaluation, the presence of poor cement
bond in the well is believed to have caused the water influx. A remedial cement squeeze will be required
to properly isolate the prospective zones in the well. We also performed a work over in the Ojo de Tigre-2
well to remove the screens and clean out the perforated intervals, and then installed a jet pump
completion. The well produced 1,532 barrels of fluid per day, with an 82% water cut, resulting in average
production rates of 248 bbl/d, but the well could only be produced during the remainder of the dry season
and has now been shut-in. We acquired an additional 30 km2 of 3D seismic on the Joropo Block in the
second quarter of 2008. No additional prospectivity was interpreted from this seismic survey.
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This portion of the Llanos Basin is subject to wet surface conditions during the summer months, and
Petrominerales is evaluating alternatives to allow long-term, year-round production of this well.
Successful development of this discovery will most likely include upgraded surface access, which would
allow for year-round production.

Llanos Basin Heavy Oil Bocks (Rio Ariari, Chiguiro Oeste and Chiguiro Este)

The 576 km of 2D and 62 km? of 3D seismic data acquired over our Rio Ariari, Chiguiro Oeste and
Chiguiro Este heavy oil blocks has been interpreted and we have identified an initial 14 prospects. On Rio
Ariari, we plan to acquire an additional 50 km? of 3D seismic in 2009 in addition to a drilling an
exploration well. On Chiguiro Oeste and Chiguiro Este, we are planning to drill an exploration well on
each block in 2009 to test seismically defined exploration prospects.

Las Aguilas

Petrominerales tested the Conga-1 well on the Las Aguilas Block with fluctuating flow rates from the
Caballos formation through the jet pump completion. In November 2008, we mobilized a heavy workover
rig from Ecuador to the Conga-1 well on the Las Aguilas Block west of Orito, where testing operations
recommenced. We are evaluating the Villeta intervals that have proven productive at Orito. On
November 20, 2008 a general strike in the Putumayo forced us to suspend activities at this location until
January 6, 2009. The planned 48 km2 3D seismic program over the Orito and Las Aguilas blocks during
2008 was also suspended. We have a two well commitment for the Las Aguilas Block which is to be
completed in 20009.

Exploration Blocks — Peru
Block 126

The block’s first phase commitments included the reinterpretation of 1,200 kilometres of 2D seismic,
which has been completed and confirmed a large anomaly, the La Colpa structure, which was
encountered by a well drilled on the block 20 years ago. Initially, three other structural leads have also
been identified from the existing reprocessed 2D seismic. The next exploration phase will include the
acquisition of 150 square kilometres of 3D seismic and 50 kilometres of 2D seismic, which is likely to
commence later in 2009. An Environmental Impact Assessment has been submitted to the Peruvian
government and a public consultation was completed in February 2009. Approval for the seismic program
is expected in due course.

Petrominerales has been recognized as an operator in Peru by PeruPetro, however we have not received
final approval on the 55% assignment of the Block 126 License Contract. The approval is expected to be
received in due course from the Peruvian Ministry of Energy and Mines.

GENERAL
Employees

As at December 31, 2008, Petrobank has 128 employees in Canada and Petrominerales has
147 employees in Colombia.
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Specialized Skill and Knowledge

The Company believes its success is dependent on the performance of its management and key
employees, many of whom have specialized knowledge and skills relating to oil and gas operations. The
Company believes that it has adequate personnel with the specialized skills required to successfully carry
out its operations.

Environmental, Safety and Social Responsibility

Canadian Business Unit

Central to Petrobank’s values is our commitment to the protection of people, the environment and the
communities where we operate. This commitment from each of our employees drives our planning and
actions. Worker safety and health are the shared responsibility of the Company and our employees. The
Company ensures procedures, processes and training are in place and employees use these tools
responsibly. As a team we manage safe operations.

Our Bakken field is operated by some of the most experienced individuals in the industry. Everyone is
keenly aware of the importance of safe operations and our people have in-depth skills to manage worker
and environmental protection. While we are extremely active implementing our development plans,
every employee is mindful of our values to be good stewards of land, air, water, wildlife and people.

Our operations at Jumpbush provide us an opportunity to work closely with our employees, many of them
First Nations members, to develop ongoing practices that are respectful of safe operating standards and
sensitive to the culture of the lands where our operations are located.

At Princeton, we are developing our next program of investment. We are actively sharing knowledge
with the community about the impacts of coalbed gas operations. The community now has the benefit of
seeing how we conducted ourselves in our past programs. This increases the comfort levels towards
future activities in an area previously unaccustomed to oil and gas activity. Our track record
demonstrates our commitment to safe operations and respect for the environment and the community.

We recognize that our operations have an impact on the environment and we attempt to minimize this
impact by following best practices. To ensure sustainability we must respect our natural environment and
ensure our operations are carefully managed. Our employees live and work in the community, and are
very aware of their commitment.

Our employees are our local representatives in the community. In every community in which we operate,
it is our desire to be a welcomed neighbour. We encourage our people to be engaged with the community
and create awareness of our operations. We believe in treating all communities and their members with
respect.

This has been our practice in the Jumpbush field with the Siksika First Nation, likewise with the residents
of Princeton and the many people living within and nearby our Bakken operations. We want to hear from
community members and our website hosts this opportunity, along with toll free numbers, to promote
open dialogue about our operations in their local areas.
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Heavy Oil Business Unit

In 2007, Petrobank developed a Vision and Values statement that sets out our corporate responsibility
commitments on environmental sustainability, health, safety and public engagement in those areas where
we operate, all within the context of business integrity.

The Heavy Oil Business Unit uses best environmental practices in the planning, design, and
implementation of exploration programs and heavy oil production. The objective is to minimize the
environmental footprint of our operations and at the same time pursue new technologies which will also
contribute to this objective.

We are committed to providing a healthy and safe working environment for employees, contractors and
the general public. This is supported by dedicated staff and contractors who provide on-site health and
safety support as well as ongoing hazard assessments, annual audits and training programs. Emergency
response planning is integrated into all projects. On December 31, 2008, the Whitesands THAI™ Project
surpassed 1000 days without a Lost Time Accident and we are committed to achieving even greater future
milestones.

The Heavy Oil Business Unit is proactive in its communications with the local communities in Alberta
and Saskatchewan where we are actively exploring or developing projects. The goal is to establish a fair
and transparent consultation processes with all stakeholders, provide information on local business and
employment opportunities, identify areas of interest or concern and develop mutually beneficial working
relationships. We began a successful public engagement program in the Wood Buffalo region in 2003 as
part of the planning and regulatory approval work for the Whitesands Pilot. This program has been
expanded to include the May River Project, to ensure that both our regulatory compliance “duty to
consult” requirements are met as well as to maintain established working relationships with directly
affected stakeholders in the region.

Latin American Business Unit

In 2008, due to intensified exploration and production activities in several blocks, Petrominerales
expanded its Occupational Health, Industrial Safety, Environmental Protection, Social Responsibility and
Communities relations capacity by developing a Corporate Responsibility Management Program
including additional responsibilities in government relations. Several achievements were realized in 2008
described below.

Health & Safety

In 2008, Petrominerales recorded a zero percent lost-time incidents record among its employees and at its
facilities. Due to the increase in activities in seismic, drilling, workover, facilities construction and oil
production, there was a slight increase in accidents reported by the contractors in the first semester. In
response, we established periodic meetings with contractors, developed guides and industrial security
procedures, among other activities.

In response to increased oil production, storage and transportation activities at Corcel, we also increased
our capacity for responding to oil spills by developing Emergency Contingency Plans for each
transportation route.
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Environment

The Company completed its sixth year of field operations in Colombia with 100 percent environmental
compliance in executing our exploration and production and IPC contract projects and activities. Our
main environmental strategies include the preparation of comprehensive environmental impact
assessments and assembling project-specific environmental management plans. Petrominerales
encourages local community engagement in environmental planning in order to create a positive
relationship between the oil business and local means of production.

By submitting its environmental impact assessments and environmental management plans according to
the requirements of environmental authorities, Petrominerales again achieved an excellent standard in
environmental licenses and permit awarding, and suffered no delays in project start-up and programming,
thereby maintaining a high degree of compliance in its contractual commitments. The Company
demonstrated excellent capabilities for environmental emergency response and control.

In 2008, Petrominerales focused on reducing the approval times for environmental approvals. Special
attention was invested in preparing and presenting quality environmental studies (both environmental
impact assessments and environmental management plans) to the Ministry of Environment, Housing and
Territorial Development, and in working with the environmental authorities throughout the evaluation
process.

Community Relations

Aside from Petrominerales’ achievements in environmental planning and compliance, the Company has
developed a series of policies and practices that compliment our basic responsibilities as a development
tool for our surrounding communities. Our Corporate Social Responsibility strategy is based on three
main principles:

> Creating local employment opportunities, which has been well received by communities and has
contributed to maintaining a positive relationship in and around the Company’s operations;
> Providing education and training programs to strengthen community and local authority

relationships, identify new markets for local goods and services, and reduce dependence on
industry support, and

> Engaging communities in studies and processes related to environmental management by
combining the Company’s expertise with local knowledge.

INDUSTRY CONDITIONS

Industry Conditions in Canada

The oil and natural gas industry is subject to extensive controls and regulations to govern its operation,
which include exploration, development, production, marketing, transportation, and refining. These
controls and regulations are imposed by legislation enacted by various levels of government. In addition,
pricing and taxation of oil and natural gas is governed by agreements among the governments of Canada,
British Columbia, Alberta, Saskatchewan, and Manitoba. It is not expected that any of these controls or
regulations will affect the operations of Petrobank in a manner materially different than they would affect
other oil and gas companies. All current legislation is a matter of public record and Petrobank is unable
to predict what additional legislation or amendments may be enacted.
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Land Tenure

Crude oil and natural gas located in Alberta, British Columbia, Saskatchewan and Manitoba are owned
predominantly by the respective provincial governments, generally termed the “Crown”. Provincial
governments grant rights to explore for and produce oil and natural gas under leases, licenses and permits
with terms generally varying from two years to five years and on conditions contained in provincial
legislation. Leases, licenses and permits may be continued indefinitely by producing under the lease,
license or permit. Some of the oil and natural gas located in these provinces is freehold (privately owned)
and rights to explore for and produce oil and natural gas are granted by the mineral owners on negotiated
terms and conditions. For information relating to land tenure with respect to the Company’s Heavy Oil
Business Unit, see “Heavy Oil Business Unit Overview — Whitesands Project”.

Environmental Regulation

The Canadian oil and natural gas industry is governed by environmental regulation under federal and
provincial laws, rules and regulations, which restrict and prohibit the release or emission, and regulate the
storage and transportation, of various substances produced or utilized in association with oil and gas
industry operations. In addition, environmental laws require that well and facility sites be abandoned and
reclaimed to the satisfaction of provincial authorities in order to prevent pollution. Also, environmental
laws may impose upon “responsible persons” remediation obligations on property designated as a
contaminated site. Responsible persons include persons responsible for the substance causing the
contamination, persons who caused the release of the substance and any present or past owner, tenant or
other person in possession of the site. A breach of environmental laws may result in the imposition of
fines and penalties, in addition to the costs of abandonment and reclamation.

Canada is a signatory to the United Nations Framework Convention on Climate Change and has ratified
the Kyoto Protocol established thereunder to set legally binding targets to reduce nation-wide emissions
of carbon dioxide, methane, nitrous oxide and other greenhouse gases. In April 2007, the Federal
Government proposed a new climate change plan that calls for greenhouse gas emissions to be reduced by
20 percent below current levels by 2020. This bill has not been passed yet. Facilities have a number of
strategies to achieve these targets, including emission tradings, in-house reductions, or invest in a
technology fund to research and develop greenhouse gas reduction technologies. In Alberta, new climate
change regulations became effective July 1, 2007. These regulations require Alberta facilities that emit
more than 100k tonnes of greenhouse gases a year to reduce emissions intensity by 12 percent over the
average emission levels of 2003, 2004 and 2005. Companies can make their reductions through
improvements to their operations; by purchasing Alberta-based credits or by contributing to the Climate
Change and Emissions Management Fund.

Petrobank believes it is in material compliance with environmental legislation in the jurisdictions in
which it operates at this time. The Company’s practice is to do all that it reasonably can to ensure that it
remains in material compliance with environmental protection legislation. Petrobank is committed to
meeting its responsibilities to protect the environment wherever it operates and will take such steps as
required to ensure compliance with environmental legislation. The Company believes that it is
reasonably likely that the trend towards stricter standards in environmental legislation and regulation will
continue. The Company anticipates increased capital and operating expenditures as a result of
increasingly stringent laws relating to the protection of the environment. No assurance can be given
however that environmental laws will not result in a curtailment of production or a material increase in
the costs of production, the development or exploration activities, or otherwise adversely affect the
Company’s financial condition, capital expenditures, results of operations, competitive position or
prospects.
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Pricing and Marketing — Crude Oil

In Canada, producers of oil negotiate sales contracts directly with oil purchasers, with the result that the
market determines the price of crude oil. The price depends in part on the oil type, the quality, prices of
competing fuels, distance to market, the value of refined products and the supply/demand balance. Oil
exports may be made pursuant to export contracts with terms not exceeding one year in the case of crude
oil other than heavy crude oil, and not exceeding two years in the case of heavy crude oil, provided that
an order approving any such export has been obtained from the National Energy Board (“NEB”). Any
crude oil export to be made pursuant to a contract of longer duration (to a maximum of 25 years) requires
an exporter to obtain an export license from the NEB and the issue of such a license requires the approval
of the Governor in Council.

Pricing and Marketing — Natural Gas

In Canada, natural gas is sold throughout the country at various market hubs, which are connected to
pipelines within Canada and the United States. The transaction price is determined by negotiation
between natural gas producers, marketers and purchasers, and includes the utilization of electronic trading
platforms, various publications and reference indices. Prices depend on many variables including but not
limited to supply and demand fundamentals, the price of NYMEX natural gas contracts, distance to
alternate markets, pipeline costs, natural gas storage levels, competing fuels, contract terms, weather, and
foreign exchange. Natural gas exported from Canada is subject to regulation by the NEB and the
Government of Canada. Exporters can negotiate prices and other terms with purchasers, provided that the
export contracts must continue to meet certain criteria prescribed by the NEB and the Government of
Canada. As in the case with oil, natural gas exported from Canada for a term of two years or less or for a
term of between two and 20 years (in quantities of not more than 30,000 10°m?3 per day) may be made
pursuant to an NEB order, or, in the case of exports for a longer duration (to a maximum of 25 years) or a
larger quantity, pursuant to an NEB export license and Governor in Council approval.

The governments of British Columbia, Alberta, Saskatchewan and Manitoba regulate the volume of
natural gas that may be removed from those provinces for consumption elsewhere based on such factors
as reserve availability, transportation arrangements and market considerations.

The North American Free Trade Agreement

The North American Free Trade Agreement (“NAFTA”) among the governments of Canada, the United
States and Mexico became effective on January 1, 1994. NAFTA, as it applies to trade between Canada
and the United States, carries forward most of the material energy terms that are contained in the Canada-
US Free Trade Agreement. Subject to the General Agreement on Tariffs and Trade 1994, Canada
continues to remain free to determine whether exports of energy resources to the United States or Mexico
will be allowed, so long as any export restrictions do not:

» reduce the proportion of energy resources exported relative to total supply (based upon the proportion
prevailing in the most recent 36 month period or another representative period agreed upon by the
parties);

» impose an export price higher than the domestic price (subject to an exception that applies to some
measures that only restrict the value of exports), or

» disrupt normal channels of supply to the United States.

Under NAFTA, each of Canada, the United States and Mexico are prohibited from imposing minimum or
maximum export or import price requirements, with some limited exceptions.
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Royalties and Incentives

Each province has legislation and regulations which govern land tenure, royalties, production rates,
environmental protection and other matters. The royalty regime is a significant factor in the profitability
of crude oil, natural gas, NGL and sulphur production.

Royalties - Non-Crown lands

Royalties payable on production from lands, other than Crown lands, are determined by negotiations
between the mineral owner and the lessee, although production from such lands is also subject to certain
provincial taxes and royalties. Operations not on Crown lands and subject to the provisions of specific
agreements are also usually subject to royalties negotiated between the mineral owner and the lessee.
These royalties are not eligible for incentive programs sponsored by various governments as discussed
below.

Government Incentive Programs

From time to time, the federal and certain of the provincial governments have established incentive
programs, which have included royalty rate reduction and tax credits (including the Canada Revenue
Agency’s Scientific Research and Experimental Development Program, Alberta Energy’s Innovative
Energy Technologies Program, Industry Canada’s Technology Partnerships Canada Program, the
Saskatchewan Petroleum Research Incentive, amongst others) to encourage oil and natural gas
exploration or enhanced recovery projects.

Provincial Royalties - General

Royalty rates payable on production vary from province to province. Crown royalties are determined by
governmental regulation and are generally calculated as a percentage of the value of the gross production.
The rate of royalties payable generally depends in part on prescribed reference prices, well productivity,
geographical location, field discovery date, method of recovery and the type or quality of the petroleum
product produced. Other royalties and royalty-like interests are from time to time carved out of the
working interest owner's interest through non-public transactions. These are often referred to as
overriding royalties, gross overriding royalties, net profits interests or net carried interests.

Saskatchewan

In Saskatchewan, crude oil Crown royalties and freehold production tax depend on well productivity, the
current market price of oil, the classification and vintage of the oil and the quantity of oil produced in a
month. Crude oil is classified as “heavy oil”, “southwest designated oil” or “non-heavy oil other than
southwest designated oil”, and the vintage classifications (“fourth tier oil”, “third tier oil”, “new oil” or
“old oil”) are applicable to each of these three crude oil types. Generally, the vintage of oil is based on
the determination of whether the well was on production before January 1, 1974 (“old oil”), drilled
between February 9, 1998 and October 1, 2002 (“new oil”), between January 1, 1974 (April 1, 1991 if
horizontal) and January 1, 1994 (October 1, 2002 if horizontal) (“third tier oil”), or after October 1, 2002
(“fourth tier 0il”). Newly drilled oil wells in Saskatchewan qualify for “volume based” incentives ranging
from 0 to 16,000 m3, depending on the type of well (deep or non-deep, exploratory or development, and
horizontal or vertical). Qualifying incentive volumes are subject to a maximum royalty rate of 2.5% and
a freehold production tax rate of 0%.

Saskatchewan Crown royalties and freehold production tax on natural gas are price sensitive, depending
also on the vintage of the natural gas, the quantity produced in a month, and whether the gas is associated
(gas produced from oil wells) or non-associated. The vintage classifications of gas production are “fourth
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tier gas”, “third tier gas”, “new gas” and “old gas”. Generally, the vintage of gas is based on the
determination of whether the gas is produced from a well on production before October 1, 1976 (“old
gas”), drilled between October 1, 1976 and February 9, 1998 (“new gas”), between February 9, 1998 and
October 1, 2002 (third tier gas), or after October 1, 2002 (“fourth tier gas”). Newly drilled qualifying
exploratory gas wells in Saskatchewan qualify for a 25,000,000 m3 “volume based” incentive. The
qualifying incentive volume is subject to a maximum Crown royalty rate of 2.5% and a freehold
production tax rate of 0%.

The majority of Petrobank’s production in Saskatchewan is “non-heavy oil other than southwest
designated oil” with a vintage classification of “fourth tier oil”. Saskatchewan royalty payable on this
production is 2.5% until 6,000 m3 (37,740 barrels) of oil have been produced.

Production in excess of this threshold is subject to a royalty rate based on well productivity and oil prices
as demonstrated in the chart below.

Saskatchewan Fourth Tier Non Heavy Oil
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British Columbia

Producers of oil and natural gas in British Columbia are required to pay annual rental payments in respect
of Crown leases and royalties and freehold production taxes in respect of oil and gas produced from
Crown and freehold lands, respectively. The amount payable as a royalty in respect of oil depends on the
vintage of the oil pool discovery (whether the oil was produced from a pool discovered before or after
October 31, 1975), whether the oil is considered incremental or produced from a well shut-in for at least
36 months immediately preceding January 1, 1998 and which resumed production on or after such date,
the quantity of oil produced in a month and the value of the oil. Oil produced from pools discovered after
June 30, 1974 may be exempt from the payment of a royalty for the first 36 months of production.
Subject to minimum royalties described in the following sentence, the royalty payable on natural gas is
determined by a sliding scale based on a reference price which is the greater of the amount obtained by
the producer and at prescribed minimum price. Gas produced in association with oil has a minimum
royalty of 8% while the royalty in respect of other gas may not be less than 15%.



38

British Columbia Crown natural gas basic royalty, for the example of Base 9 gas typical of new drilling
prospects, ranges from 9% to 27%, based on gas price. Low productivity wells, marginal wells and ultra
marginal wells will have their royalties reduced and will approach 0% as the production rate approaches
zero. During 2008, the Deep Well Program was extended, which provides royalty credits for wells with
vertical depths greater than 2,500 m, or for horizontal wells with completion point vertical depth greater
than 2,300 m. Royalty credit ranges from zero at 2,500 m to $2.7 million at a depth of 5,500 m for wells
located in the East map area of Northeast British Columbia, where Petrobank owns significant mineral
rights.

Petrobank has an extensive inventory of drilling locations in the Monias areas. The royalty rate that is
expected to apply to production from these areas is approximately 24%.

Alberta

In Alberta, the New Royalty Framework (“NRF”) became effective January 1, 2009. The NRF set
variable royalties for bitumen, oil, gas and natural gas liquids. The NRF royalty rates vary with product
price and production rate. For oil produced from Crown lands, the royalty reserved to the Alberta Crown
on oil production ranges from 0% to 50% and is capped at 50% once the price of oil reaches $120 per
barrel. Under the New Qil Exploration Program announced in 2008, oil exploration wells that are drilled
deeper than 2,000 m before 2014 are eligible for royalty relief up to $1 million.

The NRF fixed royalties for natural gas liquids at 40% for pentanes and 30% for butanes and propane.
For natural gas wells under the NRF, royalties range from 5% to 50% and is capped at 50% once the price
of natural gas reaches $16.59 per gigajoule. The royalty rate is reduced for wells with measured depth
greater than 2,000 m and for wells with acid gas content greater than 3%. A Natural Gas Deep Drilling
Program was announced in 2008 to provide royalty credits relief for wells drilled deeper than 2,500 m
vertical depth, with increasing credits at greater depth subject to a cap of $8 million. The credit is capped
at $10 million for deep gas wells that are considered exploratory. The Transitional Program, if passed,
calculates royalties between 5% to 35% and provides a lower royalty rate than the NRF rate, when natural
gas prices or gas well production rates are relatively high.

In November 2008, the Alberta Government announced an optional five-year transitional royalty program
(*Transitional Program”). The Transitional Program applies to conventional oil and natural gas wells
drilled to measured depths between 1,000 and 3,500 m between November 19, 2008 and January 1, 2014.
For each well, the producer can make a one time election to produce the well under the Transitional
Program instead of the NRF. As of January 1, 2014 all production subject to the Transitional Program
will revert to the NRF royalty rates. The Deep Oil Exploration program is not available to wells which
are producing under the Transitional Program. For oil produced under the Transitional Program, the
royalty reserved to the Alberta Crown varies between 0% to 50% but a lower royalty rate, than the NRF
rate, is calculated when oil prices or oil production rates are relatively high.

In March 2009, the Alberta Government introduced the Drilling Royalty Credit Program and the New
Well Royalty Reduction Program as an incentive to increase drilling, completion and gathering work on
conventional oil and gas wells. The Drilling Royalty Credit is earned at a rate of $200/m of well depth
drilled between April 1, 2009 and March 31, 2010. The credits for a company with Petrobank’s
production level can be claimed up to 50% per year in years 2009 and 2010, as long as use of the credit
does not reduce the company average Alberta Crown royalty rate to less than 5%. The New Well Royalty
Reduction Program applies to all new wells that begin production between April 1, 2009 and
March 31, 2009. The program provides for a 5% maximum royalty for the first 12 months of production
as long as cumulative produced volume for the well is less than 50,000 barrels of oil or 500 mmcf of
natural gas.
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At Petrobank’s Jumpbush property, within the Siksika Nation, royalties are payable to Indian Oil and Gas
Canada, a branch of the Canadian Federal Government. The royalty on oil is paid on a well by well basis
according to a sliding scale creating a royalty of 20% of the first 4.99 m*day plus 35% of the next
10 m*/day plus 50% of the next 10 m*/day plus 60% of all production over 24.99 m%day. Clean oil
trucking costs are allowable deductions. Royalties on natural gas also are paid on sales volumes on a well
by well basis according to a sliding scale providing for 25% of the first 24.99 10°m®/day plus 35% of the
next 15 10°m*/day plus 50% of volumes over 39 10°m®/day. Gathering, processing and compression costs
are allowable deductions provided that deductions do not exceed 50% of the gross proceeds of
production. All wells at Jumpbush are currently producing >24.99 10°m*/day and accordingly pay
royalties at the lowest rate.

Alberta - Heavy Oil

Currently, in respect of oil sands projects having regulatory approval, a royalty of one percent of gross
bitumen revenue is payable prior to the payout of specified allowed costs, including certain exploration
and development costs, operating costs and a return allowance. Once such allowed costs have been
recovered, a royalty of the greater of: (a) one percent of gross bitumen revenue; and (b) 25 percent of net
bitumen revenue (calculated as being gross bitumen revenue less operating costs and additional capital
expenditures incurred since payout ("'net royalty")) is levied.

Under the new regime, the Government of Alberta will increase its royalty share from oil sands
production by introducing price-sensitive formulas which will be applied both before and after specified
allowed costs have been recovered. The gross royalty will start at one percent of gross bitumen revenue
and will increase for every dollar that world oil price, as reflected by the WTI crude oil price, is above
$55 per barrel, to a maximum of nine percent when the WTI crude oil price is $120 per barrel or higher.

The net royalty on oil sands will start at 25% of net bitumen revenue and will increase for every dollar the
WTI crude oil price is above $55 per barrel to 40% when the WTI crude oil price is $120 per barrel or
higher. Prior to the payout of specified allowed costs, including certain exploration and development
costs, operating costs and a return allowance, the gross royalty is payable. Once such allowed costs have
been recovered, a royalty of the greater of: (a) the gross royalty and (b) the net royalty is payable.

Industry Conditions in Colombia

Historically, all oil production in Colombia was undertaken by Ecopetrol in contracts of association with
foreign companies that allowed Ecopetrol to back into exploration discoveries for up to 50 percent
working interest. Ecopetrol is the Colombian national company responsible for exploration, extraction,
production, transportation, and crude marketing for export. Colombia was considered to be at risk of
becoming a net oil importer and as a result, the regulatory regime in Colombia underwent a significant
change effective January 1, 2004 with the formation of the ANH, which has the responsibility of
regulating the Colombian oil industry. As this function was previously performed by Ecopetrol, Ecopetrol
now competes directly with foreign companies. This change, along with increased commodity prices, has
resulted in a significant increase in Colombian exploration activity.

There are seven commercial oil production basins in Colombia: the Upper, Middle, and Lower Magdalena
Valley; Llanos; Putumayo; Catatumbo, and the Guajira basins. Qil extracted from fields in these basins is
transported through Colombia's five major oil pipelines, four of which connect production fields to the
Caribbean port town of Covefias. These are the central Ocensa pipeline, which transports oil from the
Llanos Basin and Cusiana-Cupiagua fields, the 490-mile Cafio Limon pipeline, the Alto Magdalena and
Colombia Oil pipelines, and the Transandino or Trans-Andean (OTA), transports crude from the Orito
field in the Putumayo Basin to Colombia's Pacific port of Tumaco.
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ANH

The regulatory regime in Colombia underwent a significant change, effective January 1, 2004, with the
formation of the ANH, which has the responsibility of regulating the Colombian oil industry. In
conjunction, the ANH developed a new exploration risk contract that took effect near the end of the first
quarter of 2005. This contract has changed the way the industry views Colombia and has significantly
increased the amount of new exploration in the country. In place of the earlier association contracts in
which the government (Ecopetrol) had an immediate back-in to production, the ANH agreement provides
full risk/reward benefits for the contractor. Under the terms of the ANH contract the successful operator
retains the rights to all reserves, production and income from any new exploration block, subject to
existing royalty and income tax regulations with a windfall surcharge provision for larger fields.

Previously the ANH dealt with exploration acreage proposals on a “first-come, first-served” basis, but has
since adopted a system of competitive bidding rounds, or rounds whereby the ANH invites a selected
group of companies to submit proposals. Once the ANH is satisfied that the successful oil company has
the proper technical and financial resources to fulfill its obligations under the proposed ANH contract, a
definitive work program is negotiated. This work program typically includes technical studies,
reprocessing or shooting new seismic, and/or drilling wells. The ANH contract term consists of three
phases: (i) the initial exploration phase which lasts six years and can be extended for up to an additional
four years; (ii) upon a declared discovery, and at the contractor’s request, the evaluation phase
commences and lasts one to two years with up to a two year extension possible, during which the
contractor must declare commerciality or relinquish the block; and (iii) the production phase with a basic
24 year term, extendable under certain circumstances. The duration of the exploration period is six years;
however, the contractor may request an extension for up to four additional years provided that it presents
an additional exploration program and relinquishes 50 percent of the area. Depending on the period
requested this period is also divided into phases as the contractor proposes. All discoveries must be
reported to the ANH, while the Colombian Ministry of Mines and Energy defines the extent of the
discovery.

If a discovery is made, the contractor has the option to request an appraisal period for up to two years,
depending on the size and scope of the evaluation plan proposed. If, in the opinion of the ANH, there is
sufficient reason, this period may also be extended. If the evaluation plan relates to a gas or heavy oil
field, two additional years may be granted because of the complex planning and marketing required. At
the end of this phase, the contractor must declare commerciality or return the block.

Once the evaluation phase is complete and the operator declares commerciality, the exploitation phase
begins. The duration of the exploitation period of each declared field is 24 years. The contractor may
obtain an extension of the exploitation period beyond the 24 years, if the contractor complies with three
basic requirements: continuous production; an active enhanced oil recovery plan or infill project, and a
payment of five percent for gas to 10 percent for oil of the remaining reserves value.

Relinquishment of part or all the license area depends on the phase in which operations are. Under normal
circumstances the contractor must relinquish 50 percent of the area at the end of the six-year exploration
period if the contractor continues to explore, and there is an evaluation program or a discovery. If not, the
operator must relinquish 100 percent. Another 25 percent must be relinquished after the two-year
evaluation phase expires. The operator and the ANH may also agree on the relinquishment of certain parts
of a license area during the initial six-year exploration period as part of the contract and on a block by
block basis, depending on the scope of the exploration work program and the size of the area. The
contractor also has the option to relinquish all or part of the area after each exploration phase.
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Royalties

Historically, for new field production commencing prior to July 25, 2002, a flat 20 percent royalty
applied. For new field production commencing after July 25, 2002, royalties are calculated on a per field
basis using a sliding scale that ranges from eight percent (for production up to 5,000 bbl/d) up to a
maximum of 25 percent (for production above 600,000 bbl/d), illustrated as follows:

Field Production (bbl/d) Royalty Rate*
0 -5,000 8%

5,001 — 125,000 8% - 20%
125,001 - 400,000 20%

400,001 - 600,000 plus 20% - 25%

* For new discoveries of heavy oil, classified as those with an API equal to or less than 15°, the royalties will be 75% of the
royalty rates for light and medium oils presented above.

All of Petrominerales’ Colombian contracts are subject to this sliding scale royalty.

Windfall Profits Tax

For contracts signed under the new oil and gas regulatory regime, 2004 onwards, a windfall profit tax
applies once a field has cumulatively produced more than five million barrels of oil, determined before

the deduction of royalties. The windfall surcharge is paid at 30 percent of the price received in excess of
certain threshold prices, based on the oil quality produced, as follows:

Quality 2009 Threshold Prices
Less than 10° API Nil

10° to 15° API US$46.50/bbl

15° to 22° API US$32.56/bbl

22° t0 29° API US$31.39/bbl

Greater than 29° API US$30.22/bbl

Crude oil production with a quality above 29 API and a realized oil price of US$50/bbl results in windfall
surcharge which is equivalent to an incremental 11.9% royalty, bringing the total government take to
19.9% for a field with production less than 5,000 bbl/d. Threshold prices are adjusted annually for
inflation.

The windfall profits tax does not apply to Petrominerales’ Incremental Production Contracts.
Overriding Royalties in Petrominerales E&P Contracts

The Corcel Block was subject to a three percent GORR before payout granted to the original owner,
which converted to an eight percent net profits interest in 2008, while the Joropo Block is subject to a ten
percent GORR before payout granted to the original owner of the block, which converts to a twenty-two
percent net profits interest after payout. These are the only third-party interests that affect
Petrominerales’ exploration and production blocks.

Incremental Production Contracts

Petrominerales is the owner of interests in, and is engaged in the exploration for and development and
production of oil from, two IPCs (Orito and Neiva) granted by Ecopetrol. Each block is governed by a
separate contract with Ecopetrol. Each IPC covers a specific period, expiring in June 2023, and required
certain expenditures in the early years of the contract in order to advance to subsequent development
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phases. Petrominerales’ earlier activities focused on fulfilling initial work commitments on these IPC’s,
which gives Petrominerales the right to carry out development activities on the blocks and share in
incremental production generated above a pre-defined declining baseline. Petrominerales’ participation
levels at Orito and Neiva are 79 percent and 69 percent, respectively. These participation levels decline on
a contract by contract basis once the ratio of cumulative total revenues to total costs “R factor” exceeds
1.5times. At R factors above 2.5 times the participation levels at Orito and Neiva are fixed at
39.5 percent and 34.5 percent, as indicated in the following table:

R Factor Orito Neiva
15t025 79%I/(R-0.5) 69%/(R-0.5)
2.5 or more 39.5% 34.5%

The cumulative revenues, costs and R Factors as at December 31, 2008 for each of Petrominerales’ IPC’s
were as follows:

Orito Neiva
(USMM$) (USMM$)
Cumulative revenue 218.2 36.9
Cumulative costs 297.3 30.4
R Factor 0.73 1.21
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Cumulative revenues include Petrominerales’ interest oil sales made from the block before the deduction
of royalties. Cumulative costs include transportation expenses, operating expenses and capital costs.

Peru

Peru, located on the west Central Coast of South America, is a constitutional republic characterized by a
stable market orientated government that possesses a strong commitment to hydrocarbon exploration and
production. Peru offers an attractive royalty structure that guarantees, through legislation, taxation levels
throughout the term on an awarded block. Peruvian Law N° 26221, enacted in 1993, comprises the entire
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hydrocarbon legal framework and eliminated the previous state monopoly on hydrocarbon importation
transportation, refining and distribution.

PeruPetro S.A. is the Peruvian private law state company responsible for promoting the investment of
hydrocarbon exploration and exploitation activities in Peru. The country is a net oil importer and as a
result, the regulatory regime in Peru is very competitive compared to other foreign jurisdictions. This
competitive regulatory regime, combined with significant blocks of unexplored acreage and high
commodity prices in 2007 and 2008 has resulted in a significant increase in Peruvian exploration activity.

Peru has a long history of petroleum exploration. The first wells were drilled in Peru in 1875. These wells
were located in the Talara Basin; an onshore basin that extends offshore, located along the North West
coast of Peru. The best known basin in Peru is the Maranon Basin, the southern extension of the Oriente
Basin of Ecuador and the Putumayo Basin of Colombia, where Petrominerales’ Orito Field is located. The
Ucayali Basin is located in east Central Peru. Today, the 140,000 km? basin is defined by tectonic
elements to the North, the Contaya Arch and to the South by the Fitzcararrald Arch. The basin is 650 km
in length and approximately 250 km in width.

The western part of the basin is defined by the sub-Andean thrust and fold belt while the eastern edge of
the basin is constrained by the Brazilian Shield. The basins contain in excess of 5,000 metres of
sedimentation ranging in age from the Paleozoic to the Tertiary and Quaternary. The Ucayali Basin has
experienced several episodes of extension and rifting that has affected the sedimentary history with the
result that the Ucayali Basin has similar tectonic history to the Western Canadian Sedimentary Basin.
Prospectivity is found from a variety of play types, multiple reservoirs and the presence of several source
rocks within a sedimentary column of up to 16,000 feet.

General activity by third parties in Peru includes; fifty wells drilled by in the Ucayali Basin, and
13,400 km of seismic data acquired. Three oilfields have been discovered, the Agua Caliente (1938),
Maquia (1958) and the Pacay (1958). In 1984, the first of the five gas/condensate fields which form part
of the Camisea gas field were discovered. These pools are the San Martin (1984), the Cashiriari (1996),
the Pagorene (1998), the Mipaya (1987) and the Aguaytia (1961).

Peru - Hydrocarbon Law & License Contracts

Law N° 26221, enacted in 1993, comprises the entire hydrocarbon legal framework and eliminated the
previous State monopoly on hydrocarbon importation, transportation, refining and distribution.

The License Contract term consists of two phases: (i) the initial exploration phase which lasts seven years
and can be extended for up to an additional three years; and (ii) upon a declared discovery, and at the
contractor’s request, the exploitation phase commences with a 30 year term (40 years for natural gas),
extendable under certain circumstances. The duration of the exploration period is seven years; however,
the contractor may request an extension for up to three additional years provided that it has fully complied
with the minimum work programs for the four exploration phases. The exploration phase of a License
Contract is divided into four phases, each phase has minimum work program that is defined in
Exploration Work Units (EWU). Each EWU is assigned a value of $5,000, and exploration activities are
assigned EWU values, as follows:

2D seismic 1 EWU per km

3D Seismic 3 EWU per km?

2D reprocessing 0.02 EWU per km
Well 0 — 1000 metres 0.01 EWU per metre

Well 1001 — 2000 metres 0.13 EWU per metre
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Well 2001 — 3000 metres 0.18 EWU per metre
Well 3001 — 4000 metres 0.22 EWU per metre
Well > 4001 metres 0.25 EWU per metre

The benefit of this system is that it permits flexibility for the exploration company to change program
without the necessity of regulatory approval.

If a discovery is made but it is non-commercial only for reasons of transportation, the contractor may
request a retention period of up to five years (ten years for natural gas) in order to make transportation
feasible. At the end of the exploration phase, the contractor must declare commerciality or return the
block.

Once the exploration phase is complete and the operator declares commerciality, the exploitation phase
begins. The duration of the exploitation period of each declared field is 30 years (40 years for natural
gas). All discoveries are reported to PeruPetro.

Relinquishment of part or all of the license area depends on the phase in which operations are. Under
normal circumstances the contractor must relinquish 60 percent of the area at the end of the seven-year
exploration period if the contractor continues to explore, and there is an evaluation program or a
discovery. If not, the operator must relinquish 100 percent. The operator and the ANH may also agree on
the relinquishment of certain parts of a license area during the initial seven-year exploration period as part
of the contract and on a block by block basis, depending on the scope of the exploration work program
and the size of the area. The contractor also has the option to relinquish all or part of the area after each
exploration phase.

Peru - Royalties and Taxes

The hydrocarbon law establishes that royalties may be determined in one of two ways, at the election of
the operator. One method is based on production levels; the second method is based on the economic
results methodology. Once the operator declares a commercial discovery, it must elect one of the royalty
schemes to be applicable to the block’s production. Once the royalty scheme is selected for a License
Contract, it cannot be changed. The royalty structure has been in place for five years.

When the operator elects to have royalties based on production levels, the following sliding scale
illustrates the applicable royalty rate:

Field Production (bbl/d) Royalty Rate

0-5,000 5%
5,001 - 100,000 5% - 20%
> 100,000 20%

When the operator elects to have royalties based on the economic results methodology, the royalty
payable consists of a five percent fixed royalty plus a variable profits interest calculated using income and
expenditures, that has a maximum value of 20%.

The statutory tax rate applicable to corporate income is 30%, and tax losses can be carried forward for
four years. The Peruvian government, through the Ministry of Economy and Finance, guarantees the
benefit of tax stability for the operations carried out under a License Contract.
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STATEMENT OF RESERVES DATA AND OTHER OIL AND GAS INFORMATION

Disclosure of Reserves Data

The reserves data set forth herein is based upon evaluations completed by McDaniel, Sproule, and D&M
(collectively, the “Evaluators™). Each of the McDaniel Report, the Sproule Report and the D&M Report
(collectively referred to herein as the “Reports”) is dated effective December 31, 2008. The reserves data
contained herein summarizes the oil, liquids, natural gas and bitumen reserves of the Company and the
net present values of future net revenue for these reserves using forecast prices and costs. The reserves
data complies with the requirements of NI 51-101. Certain additional information not required by NI 51-
101 has been included herein to provide readers with further information regarding our properties.
Petrobank engaged the Evaluators to provide evaluations of proved, probable, and possible reserves and
contingent resources.

All of the Company’s reserves are in Colombia, through its interest in Petrominerales, and Canada
(specifically, in the provinces of Saskatchewan, Alberta, British Columbia, and Manitoba).

In preparing the Reports, basic information was provided to the Evaluators by Petrobank, which included
land data, well information, geological information, reservoir studies, estimates of on-stream dates,
contract information, current hydrocarbon product prices, operating cost data, capital budget forecasts,
financial data and future operating plans. Other engineering, geological or economic data required to
conduct the evaluations and upon which the Reports are based, was obtained from public records, other
operators and from the Evaluators non-confidential files. The extent and character of ownership and the
accuracy of all factual data supplied for the Reports, from all sources, was accepted by the Evaluators as
represented.

The tables and information contained herein, show the estimated share of Petrobank’s crude oil, natural
gas and NGL reserves in its Canadian properties and the present value of estimated future net revenue for
these reserves, after provision for Alberta gas cost allowance, using forecast prices and costs as indicated.
Colombian estimated future net revenue based on the D&M Report is presented in US dollars and in
presenting Company totals has been converted into Canadian dollars using the forecast price case US$
exchange rate of US$1.00 = $1.2246.

All evaluations and reviews of future net cash flow are stated prior to any provision for interest
costs or general and administrative costs and after the deduction of estimated future capital
expenditures for wells to which reserves have been assigned and future site restoration and
reclamation costs for wells in Canada to which reserves have been assigned. It should not be
assumed that the estimated future net cash flow shown below is representative of the fair market
value of the Company’s properties. There is no assurance that such price and cost assumptions will
be attained and variances could be material. The recovery and reserve estimates of crude oil, NGL
and natural gas reserves provided herein are estimates only and there is no guarantee that the
estimated reserves will be recovered. Actual crude oil, NGL and natural gas reserves may be
greater than or less than the estimates provided herein.

The reserves data contained herein is based on the Evaluators respective price forecasts, in each case as of
December 31, 2008.

Undeveloped Reserves

Petrobank attributes proved, probable, and possible undeveloped reserves based on accepted engineering
and geological practices as defined under NI 51-101. These practices include the determination of
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reserves based on the presence of commercial test rates from either production tests or drill stem tests,
extensions of known accumulations based upon either geological or geophysical information and the
optimization of existing fields.

Subject to the success of operations, within the next two years, the Company has the following plans
regarding the development of proved, probable and possible undeveloped reserves:

1.

The Company’s proved undeveloped reserves will be developed through further drilling and
completion of wells within these areas. In 2009, the Company’s planned drilling program
consists of six locations at Corcel, two locations at Orito and 16 at Neiva along with workovers in
all areas and fracture stimulations in both Orito and Neiva. The 2010 drilling and completions
schedule will focus on these three areas and on any other opportunities arising from the
Company’s exploration programs. The D&M Report includes the following:

» Corcel: 1 Proven Undeveloped (A2 sidetrack), 2 Probable (C2 and A3 sidetrack) and
4 Possible locations (E1, E2, B1, G1)

» Orito: 20 Proven Undeveloped, 8 Probable and 15 Possible locations

» Neiva: 16 Proven Undeveloped, 12 Probable and 8 Possible locations

Proved undeveloped reserves in the Jumpbush gas field and in the Bakken oil pools were
assigned on the basis of the regional nature of the producing formations. Performance
expectations are based on offset well production. Bakken well locations typically were assigned
where economic production has been demonstrated by wells in offsetting spacing units. The
Sproule Report has assigned proved undeveloped reserves to 116.5 net light oil well locations in
the Bakken properties in southeast Saskatchewan. For the southeast Saskatchewan proved
undeveloped program, 81% of the capital is forecast to be spent in 2009 with the balance to be
spent in 2010. The Sproule Report has assigned proved undeveloped reserves to 61.4 net shallow
gas well locations at Jumpbush with 65% of the Jumpbush capital forecast to be spent in 2009
and the balance to be spent in 2010.

Probable undeveloped reserves at Jumpbush and in the Bakken properties generally assigned
adjacent to proved well locations. The Bakken in southeast Saskatchewan produces light oil plus
solution gas and associated liquids based on typical gas/oil ratios and typical condensate yields
where the gas is gathered. The Sproule Report has assigned probable undeveloped reserves to
45 net locations in the Bakken properties in southeast Saskatchewan plus possible undeveloped
reserves to 19.5 locations with 56% of the capital for the southeast Saskatchewan probable
undeveloped reserves is forecast to be spent in 2009 and the balance to be spent in 2010. The
Sproule Report has assigned probable undeveloped reserves to seven net locations at Jumpbush
plus possible undeveloped reserves to 13 net locations. All of the capital for probable
undeveloped reserves at Jumpbush was scheduled to be spent for 2009.

Drilling plans are affected by economic considerations including commodity prices and the
companies drilling plan for 2009 is expected to range from 40 to 120 wells in southeast
Saskatchewan depending on the commodity prices.

Undeveloped reserves, like all projects, are subject to competition for capital and consequently may be
delayed or accelerated fr